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1.0 INTRODUCTION 

This Pre-filed Testimony has been prepared by Mr. Patrick Bowman of Bowman Economic Consulting Inc. 

for the Manitoba Industrial Power Users Group (MIPUG). Appendix A contains supplemental information 

prepared by Mr. Bowman and Mr. Joshua Dyck, of InterGroup Consultants, Ltd. 

This testimony reviews and assesses the 2026 – 2028 Manitoba Hydro (“Hydro”) General Rate Application 

(“GRA” or “Application”) filed with the Manitoba Public Utilities Board (“PUB” or “Board”) on March 28, 

2025, and related materials. 

With respect to the testimony contained herein, Mr. Bowman and Mr. Dyck note the following: 

• Mr. Bowman and Mr. Dyck (who assisted in the preparation of Appendix A under Mr. Bowman’s 

direction and supervision), are independent witnesses, and their Resumes are provided in Appendix 

B.  

• Mr. Bowman’s scope on this assignment was to review and assess the Application taking into 

account relevant regulatory principles for electric utilities. Under Mr. Bowman’s direction and 

supervision, Mr. Dyck’s reviewed and provided commentary on Hydro’s revised Load Research 

methodology. 

• Mr. Bowman and Mr. Dyck acknowledge their role is to provide opinion evidence to the Board that 

is fair, objective and non-partisan. 

• Mr. Bowman and Mr. Dyck have endeavoured to ensure all factual assumptions and specific 

information relied upon are expressly cited in the testimony that follows. 

As set out in Appendix B, Mr. Bowman has been involved in utility regulation and cost allocation matters 

since 1998, and has prepared expert evidence and testified on the subject on multiple occasions across 

jurisdictions throughout Canada, particularly those with Crown-owned utilities. Mr. Bowman’s regulatory 

and rate-setting experience includes work for each of utilities, large industrial customers, small commercial 

and residential customers, wholesale customers, and regulators. 

Mr. Dyck has a Masters in Economics focused on Econometrics. He has worked in utility regulation for four 

years, including for electrical utility cost of service assignments.  

In this proceeding, Mr. Bowman’s involvement was scoped in Order 69/25 to include Manitoba Hydro’s 

revenue requirement, financial targets, depreciation expense, amortization, revenue forecasts, cost of 

service allocations and the use of short-, medium-, and long-range forecasts and projections.  
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1.1 OVERVIEW AND SUMMARY OF RECOMMENDATIONS 

Section 2 of this evidence addresses the overall revenue requirement and the proposed average level of 

rate changes. It contains the following recommendations: 

RECOMMENDATION 1: The corporate allocation of debt costs which were used to acquire Centra 

Gas are of no ongoing relevance to electricity operations. The corporate allocation reflects no used 

or useful electricity assets, and should not be included in the electricity operations revenue 

requirement. 

RECOMMENDATION 2: For the purposes of the 2026-28 test years, average annual increases of 

2.5% (as compared to 3.5% as proposed by Hydro) are supported by the evidence reviewed. 

Section 3 provides an overview of the system planning conditions faced by utilities in general, and Manitoba 

Hydro in particular. It contains no specific recommendations, but provides essential context for the sections 

that follow on system costing, and rate setting. 

Section 4 addresses the methodologies used in the Prospective Cost of Service Study (“PCOSS”). The 

section concludes that the PCOSS remains a valid measure of Hydro’s costs, with two exceptions which 

lead to the following recommendations: 

RECOMMENDATION 3: Eliminate the special Cost of Service classification treatment for wind 

generation, and treat the wind costs the same as all other power supply costs, classified to demand 

and energy at the System Load Factor 

RECOMMENDATION 4: The new Load Research Report should not be used for PCOSS purposes. 

It is not suitable for this use, as it mutes Coincident Peak estimates as compared to the past 

methodology, and the synthetic load output does not exhibit load estimates (such as System Load 

Factors) that accord with known system characteristics.  

RECOMMENDATION 5: The PCOSS methodology should focus on a more refined method of 

estimating each class’s share of peak load, incorporating fewer peak hours. The methodology 

should also include an adjustment to align forecast peak loads to the planning conditions for which 

investments are made on the system (i.e., very cold weather conditions, not average winters). 

Section 5 sets out customer class-specific rate proposals, focused on fairness among the various classes. 

RECOMMENDATION 6: In order to address the persistent high Revenue-to-Cost Coverage ratios 

for certain classes (GSL 30-100 kV, GSL >100 kV, GS Small Non-Demand), it is recommended that 

0% rate increases be implemented for the three years covered by this GRA. For the remaining 
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classes, the 3.5% increase as proposed by Hydro is justified. This yields approximately 2.5% in 

overall revenue increases to Hydro. 

Section 6 sets out considerations related to rate design. This section reviews that Hydro has proposed no 

new innovative rate designs for industrial customers (including optional rates) which is unfortunate. Hydro 

has also proposed no rate rebalancing that would improve price signals within each class. This section 

contains the following recommendations: 

RECOMMENDATION 7: The firm rates for each of the GS Large classes should be rebalanced on 

a revenue-neutral basis, such that demand cost recovery is increased by 2 percentage points per 

year (as a percentage of overall class revenues) and energy rates reduced by an equal and 

offsetting dollar amount. 

RECOMMENDATION 8: Hydro’s residential rate design excessively recovers costs from summer 

energy. Efforts should be made to increase cost recovery using other tools, such as increases in 

basic customer charges, seasonal rates based on higher winter energy charges than summer, or 

second block rates which charge higher prices for larger use in a month. These measures do not 

require waiting for AMI to be installed. 

It should also be noted that the present hearing is occurring in the context where the following major 

planning or strategic documents are not complete: 

- A new Integrated Resource Plan (“IRP”) which is anticipated to be published in Fall 2025.1 

- Phase II of the Financial Target Review and Benchmarking, which are noted as ongoing, but 

potentially leading to new financial measures or targets, to assess financial health.2 

With these documents outstanding, there are certain practical limitations on the ability to fully review and 

assess Hydro’s long-term forecasts. For this reason, there is limited focus on financial targets, per se, and 

on the appropriateness of future resource acquisitions, except to the extent that these resources are now 

in the active or committed planning stages for Hydro, specifically new natural gas peaking units, and new 

indigenous-led wind developments. 

  

 
1 Tab 4, page 6. 
2 Tab 3, page 35. 
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2.0 REVENUE REQUIREMENT 

The Application seeks approval of 3.5% average rate increases in each of the 3 test years 2025/26, 

2026/27, and 2027/28, occurring at January 1 in each case.  

Hydro provides a lengthy description of the reasons for the rate increase3, but these reasons fundamentally 

reflect a small number of key changes as compared to the previous GRA: 

1) Drought, which has increased debt by $940 million; 

2) New investments in bulk power assets, focused on capacity (using combustion turbines as 

placeholder), energy (indigenous-led wind) and a transmission HVDC rebuild; and  

3) Escalation in operating costs driven by negotiated wage settlements and collective bargaining 

commitments. 

The above factors are offset in part by changes to the level of charges imposed on Hydro by the Government 

of Manitoba, partially reflected in the 2023-25 GRA, with additional reductions included in the current 

Application. 

It should be noted that the financial forecast scenario filed with the GRA slightly overstates depreciation 

expense, as it does not yet include reductions arising from the 2024 depreciation study (the GRA forecast 

is based on the 2019 study). This benefit totals approximately $10 million per year.4 The remainder of this 

section has been prepared on Appendix 3.1 figures, consistent with the main GRA filing, excluding this 

depreciation adjustment. 

2.1 COMPARISON OF LONG-TERM FORECASTS 

Manitoba Hydro’s 2026-28 GRA is the third comprehensive GRA filed in the last decade. The others were 

the 2017-19 GRA and the 2023-25 GRA. In the intervening period there has also been limited scope 

proceedings in 2019, 2021, and a rate change implemented through legislation in 2020. 

The three full GRA proceedings each contained a long-term financial forecast scenario. For the 2017-19 

GRA, the long-term forecast reflecting the Board’s final order in that proceeding is known as Exhibit MH-

93. In the 2023-25 GRA, the financial forecast was set out in the Amended Financial Forecast scenario5 

which reflected changes to the government charges implemented following preparation of the original GRA 

filing. In the current GRA, the financial forecast is contained in Appendix 3.1. 

 
3 Application, section 2.1.2 
4 PUB/MH-I-14a-c. The $10 million savings is based on comparing the annual depreciation expense in this IR to the 
forecast provided in Appendix 3.1 to the main Application. 
5 2023-25 GRA, Appendix 4.1 Amended. 
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The three long-term scenarios broadly reflect the following: 

1) 2017-19 GRA: A long-term rate path of 3.57%/year, achieving a 75% debt:equity ratio by the 

end of the 20-year scenario. 

2) 2023-25 GRA: A long-term rate path of 2.0%/year, achieving a 66% debt:equty ratio by the end 

of the 20-year scenario. This includes the benefits of material reductions in the level of government 

charges. 

3) 2026-28 GRA: A long-term rate path primarily based on 3.5%/year increases, achieving a 79% 

debt:equity ratio by the end of the 20-year scenario. This includes the benefit of relief from 

government charges in the 2023-25 GRA, plus further relief adopted since the 2023-25 GRA.  

a. Absent the latest reductions to the government charges, a rate path at the full legislated 

cap of 4% instead yields an 87% debt:equity ratio by the end of the scenario. The 

combined benefit of the change to government charges is between $400 million and $500 

million per year.6 

The 2026-28 GRA therefore reflects a significant net erosion from the forecasts set out in the 2017-19 and 

2023-25 GRAs, notwithstanding the change in government charges. Despite a higher rate path than the 

2023-25 GRA, it results in a lower ending debt:equity ratio.  

One initial factor that has seen little sustained variation is the projected extra-provincial revenues. Despite 

relatively significant changes in the market conditions, Hydro’s dependable export contract complement, 

and the interconnections available to other markets, Hydro long-term export revenue forecast has shown 

little change, as shown in Figure 1 below:7 

  

 
6 Coalition/MH-I-10d. 
7 Data from 2017-19 GRA, Exhibit MH-93; 2023-25 GRA from Appendix 3.1 from that GRA; 2026-28 GRA and actuals 
from MFR-22 
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Figure 1: Hydro Extra-provincial Revenues - Actuals and Forecasts from the Last Three GRAs 

  

Outside of the period of high water around 2023 (shown in both the 2023-25 GRA forecast, as well as 

actuals), the forecast of extra-provincial revenues remains relatively close, and exhibiting a similar temporal 

pattern in dollar terms, over the last 3 GRAs. There has been some erosion since the 2023-25 GRA forecast 

in the latter years (orange line versus green line), but this largely reflects the period past 2035 where 

uncertainty is typically higher. 

2.2 COMPARISON OF COSTS 

Hydro’s costs are made up of a wide range of elements that broadly fit into three categories: 

1) Capital Assets: The utility business is capital-intensive, particularly for a utility dominated by 

hydraulic generation. The cost categories most closely associated with Hydro’s ownership and 

investment of capital assets are depreciation, interest, and capital tax. For comparability, it is 

reasonable to also include the direct costs to fuel the assets and meet the overall supply 

requirements, including imports, natural gas, independent power producer (“IPP”) contracts, and 

water rentals paid to the Government of Manitoba. This is because the cost profiles of hydraulic 

assets effectively include the fuel component (reservoirs, water control) and otherwise the cost 
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component of thermal assets would not be included. Wind generation purchases would also be 

included in this category to remain comparable to utility-owned assets. 

2) Operating Costs: The ongoing costs to run the utility comprised of salaries, supplies, services, 

and including maintenance and administration. 

3) Other Costs and Regulatory Deferrals, or Net Movement: This category is relatively small 

compared to the others, and includes payments to Efficiency Manitoba, and many timing 

differences, both positive and negative, to improve regulatory reporting and timing for recognition 

of costs in other categories. 

A unique aspect of Manitoba Hydro is the regulation based on Hydro’s actual balance sheet and actual or 

forecast level of net debt. Unlike many utilities who have a defined investment level, or “rate base” for each 

year, and a deemed manner of financing that rate base (e.g., a fixed percentage assumed to be financed 

with debt, regardless of the actual debt in the utility’s capital structure), Hydro is regulated based on the 

expected actual level of debt. For this reason, the lingering impacts of drought will show up as incremental 

interest expense going into the future, effectively making it higher cost for Hydro to continue to support its 

investment in assets (since they are financed more with debt, and less with customer equity or internally 

generated funds). As a result, the long-term effects of a drought are captured primarily in the capital-

related group of costs. 

Hydro indicates that a major driver of higher rate levels is the experienced drought, and the ongoing added 

investments in new assets (e.g., HVDC transmission rebuilds). However, when considering the net effect 

of all changes in debt assumptions, depreciation parameters, the Government’s relief on charges, and 

revised capital plan, the combined capital-related costs have not increased in net terms since the 2017-19 

GRA. In fact, they have notably decreased, as shown in Figure 2 below: 
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Figure 2: Annual Cost of Capital Assets and Production - Actuals and Forecasts from the Last 

Three GRAs 

 

As shown in Figure 2 above, Hydro’s basic cost for asset ownership and generation dispatch declined 

markedly from the 2017-19 forecast for the 2023-25 GRA, and has now risen only in the later years of the 

2026-28 GRA scenario. 

Based on the above profile, the current GRA would not suggest an imminent need to change rate paths 

from the 2% scenario modelled in the 2023-25 GRA, despite the drought that occurred in the intervening 

years. A modest increase in rate path may be merited to rebuild reserves and recognize the higher long-

term capital commitments, but as these are only placeholders pending the IRP review, there would not be 

a need for a major revision to the 2023-25 GRA rate path.  

The impacts on the current GRA are not the same with respect to Operating Costs. The latest GRA shows 

levels of escalation not present in the previous GRAs, as shown in Figure 3 below: 8 

  

 
8 The values exclude one-time cloud computing costs which are to be addressed through Net Movement. 
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Figure 3: Annual Operating Cost - Actuals and Forecasts from the Last Three GRAs 

 

While the scale of operating costs are generally smaller than the capital and supply related costs, the 

degree of persistent and long-term escalation in the cost levels is notable. Hydro notes that the net long-

term effect of this change is $4.148 billion9, and the impacts of notable line-item changes are modest (for 

example, cloud computing at $0.201 billion,10 incremental major projects at $0.212 billion11). The broader 

long-term trend appears to relate primarily to assumptions regarding total wages and salary escalation, 

which had been escalated at 2% in the previous GRA, and are now escalated “at rates above 2% to reflect 

increases exceeding the general 2% level”.12 

As evidence, Hydro presented a scenario with added operating cost control and mitigation13 which showed 

that if operating costs were capped at 2% escalation, the 20-year operating cost forecast would drop by 

$2.8 billion compared to the GRA financial forecast. The operating cost trend arising from that scenario is 

set out in Figure 4: 

  

 
9 Coalition/MH-I-32e. 
10 The difference between $3.947 billion per Coalition/MH-I-32f, and $4.148 billion per Coalition/MH-I-32e. 
11 Coalition/MH-I-32g. 
12 Coalition/MH-I-32h. 
13 Coalition/MH-I-27U 
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Figure 4: Annual Operating Cost – Actuals and Forecasts from the Last Three GRAs, as well 

as a 2% Operating Cost Control Mitigation Scenario 

 

 

Figure 4 above indicates in the dashed green line that with 2% operating cost control as a mitigation 

measure (the scenario Coalition/MH-I-27U), the scale of operating costs would still materially outstrip and 

forecasts from previous GRAs, in many years by over $100 million. The values underlying Figure 4 above 

are provided in Table 1 below: 
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Table 1: Annual Operating Cost – Actuals and Forecasts from Last 2 GRAs, as well as a 2% 

Operating Cost Control Mitigation Scenario 

 

As outlined in Table 1 above, the current GRA scale of increases over the 2023-25 GRA scenario are very 

significant – with most years being $100 million to more than $300 million higher than previously forecast. 

With the mitigation scenario from Coalition/MH-I-27U, the operating costs are still permitted very large 

increases – typically $80 to $160 million higher than in the 2023-25 GRA scenario, but not at the level 

projected in the current GRA. 

This revised Coalition/MH-I-27U scenario would permit a revised rate path of 2.5% per year for the three 

test years, followed by 2.83% for the remainder of the forecast.14 It should be noted that this scenario also 

assumes a modest reduction to Business Operations Capital (“BOC”) of 10% and a somewhat higher level 

of variable rate debt (still within Hydro’s permitted policy level, and as such appears supportable). The BOC 

reductions are not within the scope of this evidence. It is acknowledged that without the BOC reductions 

the long-term level of rates needed may be slightly higher than the 2.83% rate path shown. However, as 

the BOC impact is a cumulative $1.5 billion impact over 20 years, the expected rate impact on the years 

after 2027/28 is expected to be relatively small compared to the operating cost adjustment. Further, this 

scenario does not appear to yet incorporate the reductions in depreciation expense arising from the 2024 

study, nor the reductions tied to Centra as noted later in this submission, so there remains some potential 

scenario variability to offset any conclusion that BOC cannot be reduced from the GRA forecast level. 

 
14 Coalition/MH-I-27U rate scenario #3. 

Year Ending
2026 2027 2028 2029 2030 2031 2032 2033 2034

2023-25 GRA Scenario 683 697 711 724 736 739 754 769 785

2026-28 GRA Scenario 781 771 851 879 908 948 974 1000 1026
increase from 2024-26 GRA scenario 98 74 140 155 172 209 220 231 241

2026-28 2% Cap Scenario (Coal/MH-I-27U) 759 714 789 805 821 853 870 888 905
increase from 2024-26 GRA scenario 76 17 78 81 85 114 116 119 120

Year Ending
2035 2036 2037 2038 2039 2040 2041 2042

2023-25 GRA Scenario 800 816 833 849 872 896 914 939

2026-28 GRA Scenario 1054 1082 1111 1140 1171 1212 1244 1300
increase from 2024-26 GRA scenario 254 266 278 291 299 316 330 361

2026-28 2% Cap Scenario (Coal/MH-I-27U) 923 942 961 980 1000 1029 1050 1093
increase from 2024-26 GRA scenario 123 126 128 131 128 133 136 154
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2.3 ISSUES WITH CENTRA GAS AND CORPORATE ALLOCATION 

In addition to the above revisions, the recently concluded Centra Gas Manitoba (“CGM”) rate application15 

highlighted matters of concern with respect to cost allocation, which serve to adversely affect Manitoba 

Hydro electricity operations. 

The issues relate specifically to what is termed the “Corporate Allocation”. That cost item comprises “the 

interest on the Centra acquisition debt and the related PGF”.16 Hydro further explains:17 

Corporate allocation includes Manitoba Hydro electric operations’ share of the acquisition 

costs relating to Centra. The total annual acquisition cost of Centra includes the interest 

and Provincial Guarantee Fee (“PGF”) on the acquisition debt, the amortization of the 

acquisition and integration costs as well as the impact of a sinking fund investment by the 

Manitoba Hydro-Electric Board to retire Centra acquisition debt. Historically, the total 

ranged from $19 to $20 million annually; however, with the impact of the sinking fund 

investment, the total, beginning in 2023/24 ranges from $13 to $16 million annually. The 

finance expense portion of corporate allocation is apportioned to electric and natural gas 

operations based on their respective number of customers. As such, one third of the 

finance expense portion is charged to natural gas operations, with the remainder charged 

to electric operations. 

The Corporate Allocation item is therefore a means to divide the costs of the debt acquired by Manitoba 

Hydro (the parent) to make the investment in the Centra Gas Manitoba shares (the subsidiary), which is 

different than the debt borrowed by the gas utility itself.  

The cost incurred by Manitoba Hydro to acquire Centra’s shares resulted in the need to borrow 

approximately $250 million, giving rise to the bulk of the $19 to $20 million cost estimate noted above (the 

remainder is amortization of capital asset write-up and related matters).18 This balance has until recently 

been split such that Centra customers paid $12 million of the cost, with the remainder paid by electrical 

ratepayers. The premise for this allocation was as follows: 

- For gas customers, the regulation of the Centra Gas utility was previously on a Return on Rate 

Base (“RORB”) model, such that the customers would pay all internal Centra costs (including 

interest on debt borrowed by Centra), as well as a return to the owner. This return had been in 

 
15 PUB Decision 120/25 
16 Application, Tab 9, MFR 31, page 17. 
17 Application, Tab 9, MFR 31, page 36. 
18 Centra Gas 2024 GRA, Exhibit PUB 20-1, pdf page 79 of 244; PUB/MH-I-16 (a). 
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the range of $14-$16 million per year prior to the purchase by Manitoba Hydro.19 With the purchase 

by Manitoba Hydro, there was no longer a formal RORB, but there was a need to pay for the 

acquisition debt – the analogous cost to the prior RORB. The Board concluded that this could be 

achieved by way of a $12 million allocation of the acquisition debt interest to Centra, combined 

with an annual net income that met or exceeded $3 million. Given the net income was viewed as 

an implicit return to the owner, this total of $15 million roughly matched what Centra has previously 

paid for the capital needed from its previous owner to finance the system (the old RORB). 

- At the same time, for electric customers, there remained interest costs that were not covered 

by the $12 million annual allocation of interest costs to Centra ratepayers (as the debt financing 

costs totaled $19 to $20 million per year, as noted above). This remaining amount was not charged 

to Centra customers. This net cost of $6 million was therefore included in electricity operations 

costs. The justification for including such costs in electrical operations was that the electrical 

operations would have achieved certain “synergies” from acquiring the gas company, and therefore 

rather than having the gas customers pay all costs tied to the gas assets, electrical customers could 

be charged with a part of the gas investment.20 

In essence, this model that is structured on the concept that the single electrical utility invested in gas 

company shares (including incurring debt to make the acquisition), and receives whatever returns (cash or 

non-cash) associated with that ownership. The model makes electrical customers responsible for the parent 

corporation, while gas customers focused only on their subsidiary. In support of this framing, it should be 

noted that during this period, electrical rates were set with an eye to Financial Targets (e.g., debt:equity, 

net income, interest coverage) that were measured on a Consolidated basis (i.e., for the performance of 

the entire operation including Centra).21 Further, when reviewing electric-only financial statements, the 

presentation included the investment made by the electric operations in the subsidiary Centra (as an 

investment, not on a consolidated basis).  

To confirm, this was addressed directly in testimony at Hydro’s 2008 GRA, by Hydro’s Manager of Financial 

Planning Ian Page, as follows: 

 
19 Board Order 120/25, page 30. 
20 For example, Note 9 to Centra’s Audited Financial Statements indicates: “Financing costs related to the acquisition 
of Centra are allocated between Manitoba Hydro natural gas and electricity operations in accordance with the synergies 
and benefits derived by each Manitoba Hydro segment at the time of acquisition.” As provided in MFR 6 – Attachment 
1 from the 2025 Centra Gas Manitoba GRA. 
21 For example, see MIPUG/MH-I-3(a) from the 2010 Hydro GRA, which notes, in respect of financial targets used to 
set electrical rates: “Manitoba Hydro confirms that the targets apply to consolidated operations only.” 
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MR. IAN PAGE: … The acquisition debt for Centra is on the electric books. So in these 

electric debt/equity ratios it does include the acquisition debt for Centra. The debt that's 

on Centra's books is the debt that existed prior to acquisition.  

… 

MR. BOB PETERS:  … But, Mr. Page, if you were to re-file the electric operations debt with 

the debt to acquire Centra not on the electric side, what would be the outcome? 

MR. IAN PAGE: It would be difficult to do that because there's no place else to put it. If 

there was a holding company that held both Manitoba Hydro electric and gas then the 

acquisition debt could reside there. But without that it has to be either on the gas side or 

the electric side. 

… 

MR. BOB PETERS: … All right. But for electric operations presentation the question is: 

Should that debt appear on the electric side or on the gas side? And why is it that you've 

put it on the electric side? 

MR. IAN PAGE: It's on the electric side because the electric utility is the -- was the entity 

that acquired Centra Gas. 

In essence, the structure of the operation visually would be as follows: 

Figure 5: Previous Structure of Manitoba Hydro Electricity Operations for Rate Setting 

Purposes 

 

Manitoba Hydro 
(electricity  
operations)

Centra Gas Manitoba
(gas operations)

Other subsidiaries



Pre-Filed Testimony of P. Bowman  September 17, 2025 

  Page 20 

This model shown in Figure 5 is consistent with the factual landscape as it then existed: 

- Electric rates were set with an eye to consolidated financial targets, including the net effects of 

gains and losses in subsidiaries. For example, the $3 million net income in Centra was considered 

a return to the owner (Manitoba Hydro) and any net income among the other subsidiaries would 

flow into the measure of the sufficiency of Hydro’s retained earnings for the purpose of setting 

electrical rates. 

- Centra acquisition debt was included on electric operations books, and any unfunded interest on 

this debt (i.e., not paid by Centra) was a cost to Manitoba Hydro electricity operations. This cost 

to electrical ratepayers was justified on the basis that the electrical operations gained synergies 

(which are difficult to measure) from acquiring the gas company that could support customers 

paying a share of the acquisition cost. 

With the issues addressed in the Centra 2025 GRA, this model has now shifted. 

First, Manitoba Hydro made submissions in the Centra 2025 GRA that it no longer considers the electrical 

customers to be the point of consolidation of the subsidiaries (including acquisition debt), as follows:22 

While Manitoba Hydro files its consolidated Debt Management Strategy and subsidiary 

financial statements as part of its electric GRAs as requested by the PUB, the financial 

forecast filed to support proposed rate increases in Manitoba Hydro’s electric GRAs are for 

its electric operations only. 

Second, while previous financial targets were based on consolidated operations, the key financial ratios are 

now presented only for Electric Operations23 (inclusive of the WPLP subsidiary, which is directly related to 

electric service).24 

Third, Manitoba Hydro acquired $100 million in distributions from its subsidiary Manitoba Hydro 

International (“MHI”) in 2023/24.25 These distributions arise from electricity-related investments made by 

MHI and under the previous model, the results would otherwise be included in the electric operations 

statement. However, in this case, the gain was allocated directly to Centra acquisition debt, and the benefits 

on net arise directly for Centra, as shown in the following Figure from Centra’s GRA: 

  

 
22 Exhibit Centra-32, page 2. 
23 Tab 9, MFR 22 and 25. 
24 Tab 3, section 3.2.16 
25 Tab 9 MFR 8, page 3. 
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Figure 6: Replication of Figure 4.12 From the Centra Gas 2025 GRA – Acquisition Debt Cost 

Allocation 

 

As noted in the above Figure 6, Hydro is proposing that the acquisition cost change from $6 million per 

year in the period 2019-2023, to $5 million per year after 2030, despite decreases in interest rates, and 

provincial debt guarantee fees. This reduction indicates the net effect of the MHI gain being allocated to 

Centra rather than included in electric operations financial results. 

Finally, the Board has now indicated the justification of “synergies” as the basis for the Corporate Allocation 

“may have outlived its usefulness”.26 The Board indicates that allocation of bona fide costs between electric 

and gas ratepayers should be studied as part of preparing future business plans,27 but indicates gas 

customers may appropriately be allocated none of the costs of the acquisition debt, indicating: “Ordinarily 

a company’s customers are not responsible for the cost of that company being acquired by a different 

company.”28 Reflecting the same rationale, there is no ongoing rationale for retaining any allocation of 

Centra acquisition debt to electrical ratepayers. 

 
26 Board Order 120/25, page 74. 
27 Board Order 120/25, page 194. 
28 Board Order 120/25, page 74. 
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In short, the updated structure for establishing rates for electrical customers would now be best illustrated 

by the following figure: 

Figure 7: Updated Structure of Manitoba Hydro Electricity Operations for Rate Setting 

The above Figure 7 codifies the principles that are inherent in the latest revisions implemented by Hydro 

and Centra in the recent initiatives. Specifically, Centra acquisition debt cost would no longer reside with 

Centra (as customers are not responsible for the costs incurred by the acquirer), but also not reside in any 

way with electricity operations, as they form no part of investments or assets used, useful or required to 

provide electrical service. The risks and returns inherent in non-electrical subsidiaries (e.g., MHI) have also 

been clarified to operate outside electrical operations and electrical ratepayers interests, with decisions on 

allocation residing solely within the Manitoba Hydro Electric Board and not as a matter impacting electrical 

rates. 

Further, this model serves to clarify the need for a full and viable financial structure for each subsidiary. 

Financial ratios can be reported for each utility in a coherent manner reflecting the service they provide, 

and the responsibility for generating net income, retained earnings and reserves consistent with the relative 

asset base, risks, and forecasts for each utility can be maintained with clarity. 

In adopting measures consistent with these initiative, it is clear that there remains no credible basis for an 

allocation of Centra acquisition debt to electrical operations. The debt is of no ongoing relevance to 

electricity operations, and the Corporate Allocation should be eliminated from the revenue requirement 

used to set electricity rates.  

Manitoba Hydro 
(consolidated)

Centra Gas Manitoba
(gas operations)

Manitoba Hydro 
(electricity
operations, 
including WPLP,
etc.)

Other non-electric  
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Implementing this change will result in improved electrical financial projections of $5 to $9 million per year 

throughout the financial forecast horizon, including the test years. This further acts in support of a 

recommendation for a lower test year average rate increase, rather than the 3.5% proposed. 

RECOMMENDATION 1: The corporate allocation of debt costs which were used to acquire Centra 

Gas are of no ongoing relevance to electricity operations. The corporate allocation reflects no used 

or useful electricity assets, and should not be included in the electricity operations revenue 

requirement. 

2.4 SUMMARY 

Taking into account the benefits arising from the revision to the depreciation expense (approximately $10 

million per year throughout the financial forecast horizon) the Centra allocations (approximately $5-$9 

million per year throughout the full forecast horizon), plus a material downward revision in operating costs 

(materially below Hydro’s forecast, but still over $80-$150 million higher than the long-term forecasts in 

the previous GRA), there is significant room to implement a lower average rate. The scenario most closely 

reflecting this combination is Coalition/MH-I-27U, which uses a 2.5% rate path in the GRA test years. 

Further refinement is possible during the course of the proceeding of the financial forecast, to include the 

Centra items and the depreciation expense reductions, but the overall effect on the appropriateness of a 

2.5% average increase is likely to be small. 

RECOMMENDATION 2: For the purposes of the 2026-28 test years, average annual increases of 

2.5% (as compared to 3.5% as proposed by Hydro) are supported by the evidence reviewed. 

2.5 UNCERTAINTY ANALYSIS 

Manitoba Hydro has resumed preparing an analysis first initiated approximately 10 years to assist in 

portraying the effects of uncertainty in financial projections29. An uncertainty analysis was unavailable in 

the previous Hydro GRA. 

The uncertainty analysis is a complement to the standard Hydro scenario analysis of risks, such as the 

scenario analysis provided in Appendix 3.5.  

2.5.1 Approach to Modelling 

The uncertainty analysis presents a large range of possible outputs representing possible future long-term 

financial paths for Manitoba Hydro, focusing on three independent and largely uncontrollable variables for 

 
29 Application, Appendix 3.2 
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Hydro – water flows, export prices and interest rates.30 Hydro indicates these are among the most 

significant variables it faces in future financial conditions.31  

Hydro indicates the next three significant variables may include variations in capital expenditures from 

forecast, variation in O&A expenses, and the timeliness and level of rate increases awarded.32 Similarly, 

the long-term domestic load forecast may be appropriately considered a significant uncertainty. However, 

each of these variables is far less dominated by external factors, and is subject to aspects of control and 

responsiveness by Hydro or policy-makers, and as such is less well-suited to uncertainty analysis. 

Consistent with the practice of uncertainty modelling by Hydro over the past decade, the approach to 

determining the three main input parameters is appropriate. 

The uncertainty analysis presents a portrayal of future potential conditions in a format akin to probabilistic 

or stochastic modelling, however it formally does not fit either description – there is no assignment of 

probabilities to the various potential outcomes, and the inputs are modelled comprehensively, not 

stochastically (i.e., it is not a random assignment of conditions that are modelled repeatedly, it is a 

comprehensive modelling of all potential outcomes given the input parameters). The approach adopted by 

Hydro is pragmatic, provides useful information, and is less subjective than introducing probabilities to the 

various outcomes. In addition, modelling conducted at the 2017-19 GRA indicated that assigning weights 

to the input parameters made very little difference to the output of the model.33 For this reason, it appears 

the Hydro approach is reasonable. 

As there are three potential inputs for each of two parameters (interest rates and export prices), and 112 

inputs for water flows (a repetition of water flow sequences based on the flow patterns starting in each of 

1912 to 2024), there are 1,008 resulting models.  

The modelling is conducted over a 9-year period, covering the years ending 2027 to 2035. This is consistent 

with two practical considerations: 

- The first years of the financial forecast (to 2027) are based on a different production costing model, 

that is not well-suited to uncertainty analysis.  

 
30 In principle, Hydro can manage all of these factors to some degree, such as through reservoir management, varying 
the exposure to interest rate changes, or export contracting. However, the core underlying external factors such as 
water flows and market conditions are uncontrollable and ultimately have the largest effect on these variables. 
31 PUB/MH-I-16a. 
32 MIPUG/MH-II-28a. 
33 MIPUG/MH I-3a, Manitoba Hydro 2017/18 & 2018/19 GRA, page 3 of 9. 
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- Beyond 2035, the range of outputs may be of far more limited use in setting rates today. Hydro 

notes that the period to 2035 also corresponds to major capital or infrastructure commitments 

(HVDC, Capacity, Wind)34 while the later years of the forecast are necessarily simplified in detail. 

These are valid considerations in model development. The very near-term inputs, to 2027, are likely of 

minimal net impact to the model output and purpose, and are reasonable to exclude.  

The longer-term modelling may be more subject to other factors that are not present in the uncertainty 

parameters for practical reasons (most notable the domestic load forecast). This may limit or even 

undermine the validity of modelling beyond 2035.  

It could be valuable as a test to see the model run for the period to 2045 to determine whether it indicates 

the scenarios spiral to extremes, or instead see moderation in the financial outputs. However, this would 

be a major exercise that is not likely of ongoing value and Hydro’s approach to focus on the period to 2035 

is appropriate. 

The model is run using two broad approaches. Approach #1 is developed where the 3.5% rate increase 

path proposed by Hydro is held constant, and the financial ratios are allowed to vary. Approach #2 adjusts 

the 10 year rate path throughout the horizon to achieve the same retained earnings balance at 2035 as in 

the main financial forecast. 

Approach #1 is an appropriate and useful way to run the analysis, and should be retained. 

Approach #2 is useful, but a coarse modelling approach since it assumes perfect foresight (i.e., in setting 

rates in 2025, it assumes the information about whether there will be a drought in 2034 is fully known). 

Nonetheless, Approach #2 provides valuable output over and above Approach #1, which gives an indication 

of the relative impact on rates of the scenarios, unlike Approach #1 which does not translate a given 

financial outcome into a meaningful rate impact result. Approach #2 is an incremental improvement on the 

uncertainty analysis presented at the 2017-19 GRA, and is beneficial and should be retained.35 

There may be a benefit to advancing the uncertainty analysis to a third approach using a responsive rate 

regime that does not assume perfect foresight. This approach would allow the rate change to vary in each 

year to respond to financial conditions, but only conditions that are known by that point in the scenario. 

To achieve this would require decisions to be made about the tests to be applied in each year – for example, 

which variables would the rate respond to (net income? Retained earnings balances?) and how would the 

rate be adjusted (modestly? aggressively? within what range?) and over what frequency (annually? only 

for the 3 year rate periods?). To develop such an approach requires creativity, but would permit parties to 

 
34 Coalition/MH-I-28b 
35 The Background Paper C to the Bowman evidence in the 2017-19 GRA contained criticism for the uncertainty analysis  
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consider, and to some degree endorse, the approach that may be taken to future rates under a given 

condition. As noted in the Bowman evidence from the 2017-19 GRA: 

The modelling would allow the PUB to signal endorsement of not only a current rate 

increase, but a possible future pathway (including pre-assessed rate responses) to address 

Hydro’s known risks should they arise. This has the potential to provide an added degree 

of comfort and clarity to lenders and credit ratings agencies about the regulatory responses 

that are able to be brought to bear to deal with future adverse conditions, though such 

signaling would not be intended to in any way fetter the Board’s discretion to act according 

to the best evidence at the time each future rate increase is sought.  

It is expected that rate response would permit a much more accurate portrayal of the 

financial scenarios that is representative of a given pathway available. The tool would 

permit scenario evaluation that informs whether a specific rate increase in the first 1-2 

years exposes the company to potentially needing rate shock increases in future years 

under reasonably foreseeable adverse conditions. If such risk was not exhibited, then it 

could provide comfort that the specified rate increase was reasonable and appropriate in 

the first years under review. 

This potential future evolution of the uncertainty modelling is not a criticism of the work completed to date, 

which is both credible and valuable for informing the rate setting process. 

The most significant limitation of the uncertainty analysis is that it does not operate in isolation of the other 

considerations for setting revenue requirements, as set out above. For example, the uncertainty analysis 

modelled in this GRA contains the same high operating cost forecasts that are set out above, and the same 

cost allocation to pay for gas assets that are not used or useful for providing electrical service. For this 

reason, the output is useful to inform the potential variability of future rates, but the absolute rate levels 

reported will by the uncertainty analysis only be valid if matched with a reasonable set of cost forecasts 

that have been accepted by the Board. 

2.5.2 Modelling Output 

Recognizing the caveat that the uncertainty analysis was prepared for scenarios built off the GRA financial 

forecast, this section reviews the output of the modelling primarily under Approach #2. The section 

incorporates the findings earlier in this submission, specifically that a 2.5% rate path can be sustained and 

achieve the same financial outcomes as Hydro’s 3.5% rate path, if adopted with the updated depreciation 

rates, the operating cost mitigation scenario such as 2% growth, and the relief from paying for gas 

investment that does not relate to providing electrical service. 
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The results of the uncertainty analysis for Approach #2 are shown in Figure 8 below, which replicates 

Hydro’s Figure 3.26 from Appendix 3.2: 

Figure 8: Range of Outcomes from Uncertainty Analysis Using Approach #2  

  

As shown in Figure 8, the 10 year rate paths that result from Hydro’s uncertainty analysis, combined with 

the revised rate path indicates a very low probability of requiring rate increases above the legislated cap. 

If this were to occur, Hydro indicates it has limited opportunity to respond with internal cost control or any 

capital project cost revisions.36 Under this condition, a small erosion in financial performance could occur, 

but given the input conditions required to yield this result are small (P95 conditions or worse), it would 

appear reasonable for the Board to retain the 2.5% three-year rate path as set out above. 

  

 
36 MIPUG/MH-II-29e 

Per Manitoba 
Hydro 

Difference 
from 3.5% 
Rate Path

Upper Extreme (P100) 6.00% +2.5% 5.0% Exceeds 4% 
Upper Whisker (P95) 5.30% +1.8% 4.3% Rate Cap
Upper Quartile (P75) 4.30% +0.8% 3.3%
Median (P50) 3.50% +0.0% 2.5%
Mean (Average) 3.40% -0.1% 2.4%
IQR 1.70%
Lower Quartile (P25) 2.60% -0.9% 1.6%
Lower Whisker (P05) 1.20% -2.3% 0.2%
Lower Extreme (P01) 0.00% -3.5% -1.0%

Result based on 2.5% 
Scenario
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3.0 HYDRO SYSTEM PLANNING AND SUPPLY PRESSURES  

Hydro’s projected system planning and supply balance have been provided based on “placeholder” future 

resources in Tab 4 and MFR 39. The particular selection of resources (both demand side and supply side) 

is a matter properly addressed as part of an Integrated Resource Plan, and specifics of this plan are not 

available today to permit analysis of the future decisions to be made. 

However, the status of Hydro’s existing assets and base case load forecast are informative of the pressures 

that the system is facing, and is expected to face in coming years. Such system balances are directional 

inputs to the assessment of approaches for cost allocation and rate design. As such, a brief summary of 

the current situation facing Hydro is merited. 

3.1 TRENDS IN UTILITY PLANNING 

Meeting peak winter demand (in contrast to sustained annual energy) is an increasing challenge for many 

utilities, due to multiple overlapping factors: 

1) Peak Loads: Winter peak loads are growing, and will continue to accelerate with more 

electrification of heating, as part of decarbonization efforts.  

2) Energy Resources Easier to Acquire: Energy has become a resource that is easier and cheaper 

to source, as wind and solar continue declining in cost and increasing in availability, and can be 

used to provide kilowatt-hours of output that can sustain reservoirs and help meet customer energy 

needs. However, solar is of no benefit to meeting winter peak demand, and wind is of only 

moderate capacity benefit compared to equivalent dispatchable resources such as thermal or hydro 

generation. This includes both utility scale generation, as well as customer-owned behind-the-

meter generation (mostly solar). 

3) Capacity Resources Increasingly Difficult to Acquire and Becoming More Costly: The 

traditional thermal peaking resources, such as natural gas turbines, are more challenging 

developments due to potential GHG emission restrictions (both for building and for operating), and 

the fact that these resources are increasing in capital cost. At the same time, these resources have 

decreased overall value if they are only built for peak reasons but not sustained energy reasons. 

In addition, fuel for these units can be higher priced, if required to be from renewable sources or 

be matched with GHG offsets. In the past, such gas turbine investments provided both capacity 

and the potential to produce large quantities of energy for planning purposes. In addition, natural 

gas turbines built for very limited use cause challenges for pipeline operators who must ensure gas 

is available at the coldest hours of the year, to supply customers who buy little to no product at 
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other hours of the year – the more of these customers there are, the less efficient the overall 

pipeline operation becomes. 

As a result, many Canadian utilities are facing winter capacity constraints that outstrip energy needs, and 

resources that can help meet severe winter peaks (including demand-side resources like customer 

interruptibility) are being widely pursued. Similarly, Hydro indicates winter capacity reserve margins in 

MISO have been increased materially to reflect new information regarding winter supply risks.37 

Where assessments turn on the differences between winter energy and summer energy, similar industry 

trends are present, in that summer energy is far easier and lower cost to procure than winter energy for 

most Canadian utilities. Winter energy balances are complicated by ice constraints on hydro reservoirs (with 

limited inflows), limited solar generation potential, and a higher load forecast requirement. Hydro has not 

traditionally modelled its resource balance distinguishing between summer and winter energy, which means 

the key concerns for Manitoba turn on winter peak versus annual energy. This is somewhat different than 

many of Hydro’s peers, which must complete planning focused on winter energy, a concept that may 

become of increasing importance to Hydro in future years. 

3.2 CHANGES IN HYDRO’S SUPPLY/DEMAND BALANCE SINCE THE 2017-19 GRA 

Since the 2017-19 GRA, Hydro has seen a significant change in both the long-term load forecast, and in 

expected performance on existing resources to meet that load forecast.  

The evolution of the load forecast and expected shortfalls is shown in the following table, which indicates 

the expected energy and winter peak values, the year of the “need date” where the existing resources 

would be insufficient to meet the load, the scale of the shortfall in the second year of shortfall (in the first 

year of shortfall, the values are occasionally token and subject to timing, so the second year gives a better 

profile of the scale of the resource issue that must be addressed) (for energy and peak, respectively):  

 
37 PUB/MH-I-29a-b. 
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Table 2: Hydro Forecast Loads and Supply Shortfalls for Energy and Capacity at 2033/34 

 

As shown in Table 2, as of the 2017-19 GRA, Hydro was projecting that domestic loads at point of supply 

as of 2033/34 would be 29,276 GW.h while domestic peak would be 5,164 MW (both net of DSM). Since 

that time, the projections for energy have declined by 4% (to 28,090 GW.h), while the projections for 

capacity have increased 6% (to 5,451 MW). This exacerbates the demand pressure on the system and 

leads to an ongoing expected reduction in system load factor, as shown at the bottom of the table.  

The trend in domestic system load factor is consistent with long-term experienced declines in Hydro’s 

system load factor as documented in the 2024 Electric Load Forecast, as shown in Figure 9 below:38 

Figure 9: Domestic System Load Factor 2004/05 to 2033/34 

 

The persistent experienced and expected decline in the system load factor is shown in Figure 9 above, 

using weather normalized data of Gross Loads. A part of the reason for the erosion in the energy:capacity 

 
38 Calculated from peak and energy data in Appendix 4.1, Tables 10 and 11. 
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balance is a trend of projecting that DSM will provide less and less peak demand resource in related to the 

energy savings target, as shown in Table 3 below: 

Table 3: Future DSM Contribution to Domestic Loads to 2033/34 

 

Table 3 above provides the future DSM resource that is projected as of the forecasts from the three most 

recent GRAs. The values naturally decline in each subsequent GRA, as the DSM values in any given GRA 

only include future DSM – past DSM is included in the base domestic load forecast. This means that DSM 

undertaken in 2020 is included in the DSM projected in the 2017-19 GRA, but is not included in the DSM 

projection for the 2026-2028 GRA because it is in the customer load forecast. 

Table 3 indicates that in past GRAs, the projected DSM yielded material energy savings, but in each previous 

GRA, the system percentage savings in capacity exceeded the savings in energy (as a percentage of system 

load). This is no longer the case in the latest GRA. At this time, the DSM activities are expected to save 

more energy in relation to capacity (6.05% versus 5.58%). If the DSM energy:capacity ratios had remained 

as projected in the previous GRA, the capacity savings would be 141% of the relative energy savings 

(11.51%/8.18%) which would yield a 2033/34 projected capacity savings in the current GRA forecast of 

8.51% rather than the 5.58% now projected. In MW terms, this would yield 491 MW of DSM capacity 

savings, or 169 MW added savings compared to the GRA forecast (which is material). 

As a result, the decreasing relative DSM contribution to demand has exacerbated anticipated demand 

shortfalls in future years. This may in part relate to the fact that Efficiency Manitoba’s mandate does not 

include seeking capacity savings, which is an unfortunate omission. 

2017-19 
GRA

2023-2025 
GRA

2026-2028 
GRA

source App 7.3
App 5.6 and 

MFR 43 (Tab 10)
App 4.3 and 

MFR 39 (Tab 9)

DSM Contribution To Energy (GW.h) 3,620          2,409          1,809          
as a percentage of domestic load 11.00% 8.18% 6.05%

DSM Contribution To Winter peak (MW) 830 664 322
as a percentage of domestic load 13.85% 11.51% 5.58%
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On the supply side, most domestic resources have seen erosion in their ability to contribute to dependable 

energy, as shown in Table 4 below:39 

Table 4: Existing Supply Resources Contributing to Meeting 2033/24 Projected System Loads 

 

As shown in Table 4 above, each of hydraulic, thermal and wind have seen declines in projected dependable 

energy output since the 2017-19 GRA, with the Selkirk plant now not part of the supply mix, and the 

Brandon combustion turbines (units #6 and #7) showing significant reductions in their energy production 

potential. The changes to Brandon and hydraulic are understood to arise from the updated modelling using 

the GSPRO software.40 

At the same time, the available resources for peak have seen limited changes, with the exception of the 

retirement of Selkirk natural gas generation. In addition, the modelling now assumes that one of the two 

existing IPP wind projects will see retirement before 2033/34, reducing both capacity and energy forecasts. 

The end result is that the dependable energy capability of the existing system assets as of 2033/34 has 

declined 15% since the 2017-19 GRA, while the capacity output has declined only 2%. Compared to the 

2023-25 GRA, however, energy capabilities are up 1%, while capacity resources are down 1%. 

 
39 For the current GRA, MFR 39 does not break out wind versus other IPPs, but it appears Hydro has not changed the 
wind dependable forecast assumptions since the 2023-2025 GRA, so the remainder of the category shown as “Existing 
Independent Power” is assumed to be other IPPs. 
40 Hydro 2023-2025 GRA, Tab 5, section 5.8.2. In particular, in describing the GSPRO modelling effect: “The net effect 
is less available reservoir storage and less thermal generation, resulting in less dependable energy that could be 
generated by the system under low inflow conditions.” 

2017-19 
GRA

2023-2025 
GRA

2026-2028 
GRA

change 
since 2017 
GRA

change 
since 2022 
GRA

source App 7.3
App 5.6 and 

MFR 43 (Tab 10)
App 4.3 and 

MFR 39 (Tab 9)

Energy (GW.h) Hydraulic 24,676 22,660 22,660
Selkirk Gas 899 0 0

Brandon #6 and #7 2,343 1,050 1,050
Wind 780 2 NUGs 462 1 NUG 462 1 NUG

Other Independent Power 152
Total 28,698 24,172 24,324 -15% 1%

Winter peak (MW) Hydraulic 5,766 5,830 5,788
Selkirk Gas 125 0 0

Brandon #6 and #7 278 278 278
Wind 52 2 NUGs 31 1 NUG 31 1 NUG

Total 6,221 6,139 6,097 -2% -1%
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The final major component of the supply/demand balance are the committed or projected extra-provincial 

transactions and resources that must be planned for (imports less exports). In this area, Hydro has also 

seen relative erosion in the net capacity resource/commitment as compared to the net energy 

resource/commitment, as shown in Table 5 below: 

Table 5: Extra-provincial Components of Dependable Supply and Demand (contracted plus 

proposed) 

 

Table 5 above sets out that the relative net energy resource has changed relatively modestly since the 

2017-19 GRA, from 2,635 GW.h per year to 2,971 GW.h (both a measure of contribution to meeting 

Manitoba load), while the net extra-provincial demand balance is eroded materially, from a net export 

commitment of 165 MW to 621 MW, both measuring a net commitment to other parties that reduces 

Manitoba’s ability to meet its own load. 

It should be noted that the response to PUB/MH-I-28a-c appears to indicate that an additional 200 MW of 

diversity agreements are now anticipated by 2033/34 that were not included in the above supply analysis, 

which, if confirmed, would partially (but not fully) offset the adverse trends in net capacity extra-provincial 

commitments. 

3.3 SUMMARY 

In each of the above major resource planning components, the supply/demand balance projected to 

2033/34 has changed materially since the 2017-19 GRA. Loads show more need for peak supply, with less 

need for energy resources. DSM is projected now to be relatively more effective at reducing energy than 

peak. In addition, net extra-provincial resources and commitments have moved to exacerbate the 

challenges associated with demand, as compared to energy. 

2017-19 
GRA

2023-2025 
GRA

2026-2028 
GRA

source App 7.3
App 5.6 and 

MFR 43 (Tab 10)
App 4.3 and 

MFR 39 (Tab 9)

Energy (GW.h) Import 4,737          5,836          5,844          
Export 2,102          2,867          2,873          
Net 2,635          2,969          2,971          

Winter peak (MW) Import 220              -                -                
Export 385              634              621              
Net (165)             (634)             (621)             
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The above three factors work together to enhance the issue and challenge of meeting peak demand as 

compared to energy. 

At the same time, the system supply capability on demand has held relatively steady while the system 

energy capability has dropped significantly, which serves to partially counter the above factors.  

The net effect, however, is a major change in the projected need date for new resources, particularly 

demand, as shown in Table 6 below: 

Table 6: Supply:Demand Balance and Need Date Changes since 2017-19 GRA 

 

As shown in Table 6 above, the date at which new resources are needed has shifted from the position in 

the 2017-18 GRA, where new capacity and energy were needed at approximately the same time, in similar 

proportions (energy 1 year sooner, at 2.5% of the system, while demand was in a 2.7% need position). As 

of the latest forecast, the demand need date has advanced 10 years while energy has only advanced 7 

years. The 2026-28 GRA projects demand will be in a deficit position of 11.3% (615 MW), while energy will 

only be in a 2.0% deficit (555 GW.h) one year after the respective need dates. 

Given the assessed timeframes remain well in the future, there is time for these projections to evolve 

further. With relatively low load factor, high coincident loads being part of decarbonization initiatives 

(electrification of heating, adoption of EVs) combined with large behind-the-meter solar uptake (which 

reduces energy but not peak), there remains a reasonably high likelihood that the trends towards capacity 

constraints being more acute than energy will grow. 

2017-19 
GRA

2023-2025 
GRA

2026-2028 
GRA

source App 7.3
App 5.6 and 

MFR 43 (Tab 10)
App 4.3 and 

MFR 39 (Tab 9)

Energy (GW.h)
need date 2038/39 2033/34 2031/32
shortfall in yr 2 728              595              555              
% shortfall in yr 2 2.5% 2.2% 2.0%

Winter peak (MW)
need date 2039/40 2030/31 2029/30
shortfall in yr 2 141              185              615              
% shortfall in yr 2 2.7% 3.6% 11.3%
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For this reason, Hydro’s approach to electricity costing (Cost of Service), pricing (rate design) and optional 

rates (such as time-of-use, demand response, curtailable service) related to peak demand must be a focus 

to ensure fair and just rates and effective price signals can be achieved. 

 

  



Pre-Filed Testimony of P. Bowman  September 17, 2025 

  Page 36 

4.0 COST OF SERVICE (COS) 

Hydro has provided a 2025/26 Prospective Cost of Service Study (PCOSS26) in Tab 7 and related 

Appendices. Hydro indicates the methods in PCOSS26 remain consistent with the methodology used in 

PCOSS24 and largely follows the PUB’s directions from 164/16, as amended in 59/18 and 101/23.  

However, this fails to note Hydro has adopted a new method for calculating key inputs to the PCOSS. 

Notably, the main new item in this proceeding is the revised methodology for determining each class 

contribution to winter peak demand, which is used as a key allocator in the COS study. 

This section addresses COS principles and methods related to bulk power (Generation and Transmission). 

Limited review was conducted of Distribution or Customer costs. 

4.1 COST-OF-SERVICE PRINCIPLES 

The fundamental approach to utility COS analysis is premised on the idea that an electric utility is providing 

three interrelated but fundamentally different products.  

1) Customer-related services (e.g., metering and billing). These costs allow each customer to be 

connected to the system, and the incurrence of these costs by the utility varies with the number 

of customers served. A classic example is metering – each new customer drives some added 

investment in metering, regardless of how much power they consume. 

2) Demand-related services (peak, or capacity). These costs are incurred by the utility to deliver 

the highest annual requirement for power province-wide, or in some cases regionally. The size and 

investment in many assets varies with the peak demand that the system must meet. For what is 

known as the bulk power system (generation and transmission), this is typically the Coincident 

Peak (CP) which are the loads placed on the system at the time the system is at its highest load, 

not the loads at the time the customers themselves are at their own highest load (known as Non-

Coincident Peak, or NCP). Costs can also be driven by extreme conditions, above typical expected 

conditions, which means there is investment in reserves and system capacity over and above what 

each customer class is expected to use, and certain types of loads (typically weather sensitive 

loads) contribute to these extreme peaks more than others. 

3) Energy-related services. These costs are incurred to deliver sustained usage by the customer 

over time, whether at peak times or not.  

It is essential to appropriately organize (in the step known as “classification”) Hydro’s costs in these three 

categories to yield reliable information for ratemaking, for three reasons: 
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1) Different classes make use of the three services in different proportions. In order to have a fair 

allocation of costs to each class, the costs must be properly classified. 

2) Rate design should take into account the relative mix of customer and demand and energy related 

costs in determining the ultimate customer and demand and energy related charges to customers. 

This helps ensure that within a class, the appropriate customers are paying the embedded costs 

they cause. 

3) Properly constructed rates can also aid in sending appropriate price signals to which customers can 

respond, and equally can help avoid sending inappropriate price signals customers when it is ill-

advised to respond. For example, if a cost is driven by peak winter demand, but the cost is 

recovered through an energy-charge throughout the year, the customer may reduce their usage 

in summer to save on the energy charges (responding to the energy price signal), even though a 

reduction in summer use will result in no utility-wide demand-related savings. At times this 

mismatch is unavoidable for practical reasons, but it should be avoided to the extent possible in 

cases where it can drive behavior. 

Of particular concern in the case of Manitoba Hydro is the growing importance of peak demand in the 

resource mix.  

Against this backdrop, it is important that Hydro’s PCOSS apply methods that fully capture the costs and 

pressures posed by peak demand-related investment. 

4.2 REVIEW OF HYDRO’S PCOSS METHODS 

Hydro’s PCOSS methods were reviewed in detail in the proceeding leading to Order 164/16. Broadly, the 

Hydro system continues to reflect the same overall generation complement (i.e., predominantly northern 

hydraulic assets), transmission configuration and export market transactions such that most of the main 

PCOSS methodologies should be expected to remain valid.  

The main areas of evolution in the PCOSS factual conditions are in the following areas: 

- Exports: Export market revenues are decreasing in magnitude. Even ignoring the high water year 

of 2022/23 ($1.131 billion)41, each of 2023/24, 2024/25 and 2025/26 show extra-provincial 

revenues in the $800-$900 million range42 but these values then decline such that by 2031/32 

when they reach a low of $708 million, and into the range of $500 million in the second decade of 

the Financial Forecast43. Despite this progression, the PCOSS methods for treatment of export 

 
41 Tab 9 MFR 30, page 2 
42 Tab 9, MFR 30, page 2 and Appendix 3.1, Figure 1. 
43 Appendix 3.1, Figure 5. 
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revenues, as an offset against the cost categories that yield the revenues, would appear to be 

robust against this trend. This is because exports are derived from the generation and transmission 

assets, and if exports were not classified against these assets, customers would be allocated costs 

of assets that do not serve them but instead serve exports. For this reason, the PCOSS methods 

regarding the treatment of export revenues remain sound. 

- Water Conditions: The PCOSS inputs have seen a dramatic change in water conditions from 

PCOSS24 (extreme high water) to PCOSS26 (low reservoirs). While there has been past analysis 

conducted to indicate the effect of “normalizing” these conditions44, Hydro’s methods remain 

focused on preparing a PCOSS that accurately represents the expected conditions in the year being 

modelled. This is appropriate. It should be noted that Hydro’s approach can drive variances in the 

PCOSS outputs (the Revenue:Cost Coverage ratios per class, or “RCCs”), leading to somewhat 

higher RCC values for Residential during low water (like PCOSS26) and somewhat lower RCC values 

for industrials (and vice versa for high water). Nonetheless, PCOSS26 reports the expected 

conditions in the year in question and it remains sound to use projected conditions, as Hydro has 

done. 

- Wind: Hydro applies a comprehensive and simple approach to classify generation, using the 

System Load Factor (“SLF”). This is a common approach across Canada.45 The premise for an SLF 

approach is that rather than extensive parsing of individual generating assets to determine each 

asset’s relative contribution to meeting system peak versus energy, the focus is on the generation 

system as a whole, and how it works together to meet the customer loads. This customer load 

profile is represented by the mix of the energy and the demand that the customers require from 

the system – the SLF. The utility will make decisions to invest in the lowest cost complement of 

resources to meet that load pattern, which will likely be a blend of those which are more capacity 

focused (e.g., combustion turbines, peaking hydro units, etc.) and those which are more energy 

focused (e.g., hydro storage reservoirs, or wind); however, the costing focus is on the benefits of 

that system as a whole, not the individual units. Manitoba Hydro’s method reflects this same broad 

approach using SLF to classify generation costs, with one major exception – wind, which is classified 

at 100% energy. Recommendations in respect of classification of wind are further discussed below. 

- Peak Demand Contribution: Hydro has developed a new approach to estimating each class’s 

contribution to peak demand. This approach is based on a five-year data sample (compared to the 

previous eight-year) using calculated load shapes rather than measured data. The new 

 
44 PUB/MH-I-141a from the Hydro 2023-25 GRA 
45 Elenchus recently completed a survey of Cost of Service methods, which was filed in New Brunswick Energy Board 
proceeding 554, as Exhibit NBP 11.03, available at nbeub.ca. Of the eight major utilities summarized in their Table 1, 
six use some form of system load factor or utilization factor to classify generation. 
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methodology is described in detail in Appendix A to this report. The new methodology and the 

input values for CP in the PCOSS suffers from four significant flaws. Each of these act to diminish 

the ability of the PCOSS to properly ascribe responsibility for incurrence of peak demand costs. 

Each of wind and peak demand contributions are addressed in the following sections 

4.3 WIND GENERATION - CLASSIFICATION 

In Hydro’s 2023-25 GRA, the topic of wind generation cost classification was reviewed, including evidence 

from MIPUG noting that the treatment of wind as a 100% energy resource did not accord with the resource 

contribution of wind to Hydro’s system.  

The evidence reviewed by the Board at that time indicated that adoption of a capacity classification for 

wind would have had very limited impacts on the PCOSS outcomes, which were cited by Hydro as being 

between 0.2% and 0.3% for the largest classes, and close to zero impacts on other classes.46 The Board 

also indicated that the changes may be premature given there had been no specific proposal to build new 

wind, nor had there been a review to that date of Hydro’s 2023 Integrated Resource Plan, which had been 

published but was not yet in evidence before the Board.47 

In the period since the previous GRA, Hydro has now completed its 2023 IRP and is apparently nearing 

completion of its 2025 IRP. There have also been specific determinations already made that large-scale 

indigenous-led wind resources will be part of Hydro’s future supply mix.48 Further, Hydro has indicated that 

changing assumptions regarding the lifespan of existing IPP wind at St. Leon is part of the reason for 

changes in the need date for capacity resources as compared to past supply/demand analyses.49 

In addition, the scale of impact from adjusting wind classification in the Test Year is now far larger than 

when the issue was reviewed in the previous GRA. Specifically, the changes in RCC ratios are as follows: 

  

 
46 Order 101/23, page 164. 
47 Order 101/23, page 6. 
48 https://www.hydro.mb.ca/corporate/call-for-wind-power/ 
49 Application, Tab 4, Figure 4.15. 
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Table 7: Changes in PCOSS26 RCC Ratios Due to Wind Classification to Demand, on System 

Load Factor 

 

As shown in   

Per PCOSS26
Wind at SLF - Per 

MIPUG/MH-I-41e-f change

Residential 96.9% 96.5% -0.4%
GS Small ND 108.0% 107.9% -0.1%
GS Small - D 96.0% 95.9% -0.1%
GS Medium 97.8% 97.9% 0.1%
GSL 0-30 kV 100.9% 101.3% 0.4%
GSL 30-100 kV 110.4% 111.4% 1.0%
GSL >100 kV 110.6% 111.6% 1.0%
SEP 103.4% 103.4% 0.0%
ARL 104.2% 104.2% 0.0%
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Table 7 above, reasonable variations in the proportion of wind classified to demand (from 0% to the SLF) 

yield material differences in the RCC ratios for a number of classes. 

Consequently, the need to address wind resource demand classification in the PCOSS is timely. 

4.3.1 Wind Classification Principles 

Consistent with the directives from Order 164/16, wind generation costs continue to be classified 100% to 

energy. The Board set out its reasoning on this classification issues as follows50: 

Wind generation is subject to prevailing wind conditions and thus Manitoba Hydro cannot 

count on wind generation at any specific point in time. For example, Manitoba Hydro cannot 

call on wind generation to meet its winter peak demand. Since wind generation does not 

contribute to the winter peak capacity, it should be classified 100% as Energy. (emphasis 

added) 

The issue of wind classification was also addressed in Order 59/18 where the Board noted that: 

as a resource, wind is transacted on an energy basis through contracts with suppliers. 

Manitoba Hydro does not invest in wind assets in order to serve peak demand. This 

supports the continued classification of wind as 100% energy.”51 

These conclusions are no longer consistent with the factual basis facing Manitoba Hydro. 

First, Manitoba Hydro has specifically stated that wind generation yields capacity value52 

All the energy produced by wind will be delivered to the Manitoba Hydro system and its 

output will vary between 0% and 100% of its installed capacity, depending primarily on 

the wind speed. Manitoba Hydro will count on 20% of the installed wind capacity as 

accredited capacity to meet its firm capacity (resource adequacy) requirements. 

Second, the Supply and Demand table used for resource planning continue to attribute a material capacity 

value to existing wind, as part of overall IPP supplies.53 

 
50 Order 164/16 page 49. 
51 Order 59/18, page 187 
52 Coalition/MH-II-66. 
53 Appendix 4.3, page 1. 
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Third, Manitoba Hydro shows an increasing reliance on purchases of wind generation as capacity, growing 

from 40 MW in 2029/30 to 120 MW in 2039/40 and beyond.54 This wind generation capacity is now 

anticipated 4 years sooner than had been forecast as of the 2023-25 GRA.55 

In short, the facts today are clearly no longer consistent with the Board’s findings that wind is an energy-

only resource that does not contribute to winter peak capacity, and that future development was 

speculative. With the pursuit of 600 MW of indigenous-led wind resource, Manitoba Hydro indicates material 

added capacity contributions are anticipated, and sooner than previously estimated. 

The capacity value of wind in a COS context has also recently been increased by Nova Scotia Power. Where 

previously the wind in Nova Scotia had previously been classified 18% to capacity, the latest cost of service 

proposals from the utility (which have now been negotiated with customer groups) adjust wind to be 

treated consistent with all other generation resources, classified to demand and energy based on the SLF.56  

Based on the above considerations, it is both appropriate and timely to eliminate the special treatment 

accorded to wind in the supply mix, as the only generation resource that is not classified at all to capacity. 

Just as other generation resources may be focused on one utility product or another (energy versus 

capacity), the SLF approach is coherent and workable when consistent approaches are taken for all of the 

individual generation plant components, as has been adopted in Nova Scotia. 

RECOMMENDATION 3: Eliminate the special Cost of Service classification treatment for wind 

generation, and treat the wind costs the same as all other power supply costs, classified to demand 

and energy at the System Load Factor 

4.4 CLASS PEAK DEMAND CONTRIBUTION - ALLOCATION 

The COS step of Allocation occurs after the customer, demand and energy costs are determined in the 

Classification Step.  

Demand cost allocation requires consideration of which type of uses drive investment. Commonly the peaks 

relevant at the distribution level are the peaks of each separate class, regardless of when they occur. But 

for the bulk power level (transmission and generation), the peaks that matter are the highest peaks of the 

domestic system (at the “common bus”) – termed the Coincident Peak (“CP”) also known as the Overall 

Coincident Peak (“OCP”). 

 
54 Appendix 4.3, page 1. 
55 Manitoba Hydro 2023-25 GRA, Appendix 5.6. 
56 Nova Scotia Power 2025 General Rate Application 
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Estimating the CP, and the relative share of CP caused by each customer class, is an important part of 

PCOSS inputs. Manitoba Hydro used a consistent methodology for developing this input since the 2015 COS 

review, but has now adopted a revised approach. Details on the 2015 approach and the new revised 

approach are set out in Appendix A to this submission. 

The overall purpose of the new method remains the same – an attempt to estimate class responsibility for 

coincident system peaks. However, to estimate the Test Year class responsibility the new approach uses 

an entirely new method to develop these estimates. The new model does not focus on the top peak hours 

from past years as the current model does (8 years). Instead it reanalyzes past data (5 years) and structures 

it into a full load shape from which it can derive synthetic peak load estimates. 

The approach of the model is to collect 5 years of actual hourly loads57, by class (with Residential Heating, 

and Residential Non-Heating each effectively treated as separate classes for analysis purposes). Then these 

8,760 load values, by class, are arranged and re-sorted into groups maintaining their original time-stamp 

identity for only three variables: 

1) Season (or “block”) organized into 9 blocks in the year, of varying length; 

2) By weekday versus weekend; and 

3) By hour of the day. 

Otherwise, the identity of the data point is dropped (e.g., whether it was from a Monday or a Tuesday). 

The groupings then would have values for each class, for each year. So, for example, all data for GS Small 

Non-Demand from Block 2 (roughly May), weekends, at 3 am would be grouped together. There would be 

5 such data sets, one for each of the 5 years of input data.  

So, for this group (May, weekend, 3 am) there would be 10 data points per year (the May block is 5 weeks 

long, and there are 2 days in each weekend). The highest of the 10 points from each year would be 

averaged with the other highest points (one from each of the 5 years), and that would be the new high 

point for May, weekend, 3 am. The same process would be repeated for the second highest, etc. 

Manitoba Hydro then uses weather data (for classes that are weather-dependent) or actual load timing 

data (for those that are not) to reassemble these data points into a synthetic load shape. The same process 

is done for the Common Bus loads, to create a system-wide load shape, and the highest Common Bus 

hours can then be read off the synthetic year forecast, to determine each class’s contribution at that same 

hour. 

 
57 Not every class or meter can produce this data, so there are statistical methods used to develop estimates for classes 
where there is only a sample, not a census, of the customer base. 
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All of the values are scalable, so that the synthetic load shape can be applied to any load forecast level – 

if load forecast is revised such that the class load goes up 1%, all the data points go up 1%. 

In this way, Hydro can generate a full synthetic load shape for an average or template year. 

The new model is likely appropriate for many uses at Manitoba Hydro, including forecasting the load effects 

of Efficiency Manitoba programs (which can be layered in with different timing assumptions), or the impacts 

of various types of rate programs. As such, it is likely a valuable internal tool. 

However, this model is not well-suited to deriving the inputs to the PCOSS. This is because of four main 

issues. Two have to do with the model itself, and two with the broader PCOSS methodology as it how it 

uses these data. 

1) Grouping by Hour: Unlike the previous model, which would take the average of each of the 

highest hours from each of the past 8 years (regardless of when they occurred), the new model 

does not match in this fashion. By bucketing or grouping the values by hour, it is likely that some 

peak hours (e.g., a very acute 6 pm hour) are being averaged with others that are not as acute 

(e.g., the 6 pm value from a different year where the system peaked at 8 am). The highest value 

from each year are never averaged together to generate the forecast peak load. This will result in 

a muting of the most severe experienced conditions, which are the peaks that drive the utility to 

invest. This is a new issue that was not present in the previous method. 

2) Synthetic Data Issues: The synthetic creation of a year means that the data being generated 

does not represent any experienced year, nor even an average of the experienced years. Synthetic 

data can be used in certain types of models, but it must show internal consistency and be tested 

for this consistency. Table 8 below sets out the data from Hydro’s Load Research study, with the 

bolded values inserted as the sum of the columns above. 
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Table 8: Results from Hydro Load Research Synthetic Data 2023-24 

 

As is evident from Table 8 above, the values calculated by Hydro for each class load (total energy 

and CP) do not sum to the values for the Common Bus. In the case of energy, the values are 

higher, while in the case of CP they are lower. In practice, the Common Bus values both should be 

higher by some amount, to reflect distribution losses (the values in the table, other than Common 

Bus, are at the customer meter so do not include distribution losses). The bigger issue however is 

that the Common Bus modelling shows a system with a 61% load factor, while the summation of 

synthetic results show a 66% load factor. This common bus value is reasonable, as the PCOSS 

relies on a value for the average system load factor of 60.7%.58 

However, the sum of the synthetically modeled loads at an SLF of 66% is much too high. The 

highest system load factor over the past 8 years is only 62.4%.59 A higher system load factor 

indicates that there is too little projected demand in the synthetic data. As the demand values for 

the large classes (e.g., GS Large) are derived by a full census of the loads, the issue likely arises 

in the smaller classes who are materially underestimated (to a total of over 300 MW, as the 

difference between the 61% load factor and the 66%). 

The same issue is present in the 2022-23 Load Research Study, though not to the same degree, 

as shown in Table 9 below: 

 
58 Application Appendix 7.1, pdf page 34. 
59 Application Appendix 7.1, pdf page 34. 

COALITION/MH-I-143a-b Attachment 2 (Revised) Table 2.1 Class Coincident Top 50 Peaks Overall - using Hourly Load Shapes

Class Metered 
Customers

Total Energy (kWh) Average Energy 
(kWh)

Coincident 
Peak Load (kW)

Coincident 
Peak Load 

Factor

Non 
Coincident 
Peak Load 

(kW)

Non Coincident 
Peak Load 

Factor

Overall 
Coincidence 

Factor

Street and Sentinal Lighting 1,294                 66,177,843                    51,142                        8,812                   85.7% 15,433             48.9% 57.1%
Residential 525,608           7,708,158,105             14,665                        1,770,072          49.7% 1,904,809      46.2% 92.9%
GS Small Non Demand 58,353              1,670,396,481             28,626                        315,152              60.5% 346,033           55.1% 91.1%
GS Small Demand 10,880              2,178,356,624             200,217                     404,144              61.5% 404,144           54.7% 88.9%
GS Medium 2,193                 3,077,024,738             1,403,112                 495,836              70.8% 547,515           64.2% 90.6%
GS Large 750 V - 30 kV 347                     1,805,628,936             5,203,542                 238,809              86.3% 271,527           75.9% 88.0%
GS Large 30 - 100 kV Curtailable 1                           202,680,375                 202,680,375           23,314                 99.2% 28,974             79.9% 80.5%
GS Large 30 - 100 kV 47                        2,035,084,743             43,299,675              235,065              98.8% 276,240           84.1% 85.1%
GS Large > 100 kV Curtailable 2                           1,502,914,449             751,457,224           183,654              93.4% 209,976           81.7% 87.5%
GS Large > 100 kV 22                        3,243,151,611             147,415,982           377,589              98.0% 457,376           80.9% 82.6%

calculated 
CP LF

Sum 23,489,573,905          4,052,447          66%
(excluding distribution losses)

Common Bus 22,886,424,439          4,307,536          61%
(including distribution losses)
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Table 9: Results from Hydro Load Research Synthetic Data 2022-23 

 

As shown in Table 9 above, the sum of the modelled CP similarly shows a 66% SLF, which is not 

in accordance with known conditions on the system. It is also inconsistent with the modelled 

Common Bus values, though not to the same degree as the 2023-24 data shown earlier. This 

effect, however, appears to come from the Common Bus values being too high (i.e., above the 

61% range that is the measured Common Bus SLF) rather than reflecting an improvement in the 

synthetic data. 

This comparison gives rise to concerns that the synthetic data is not in fact yielding an appropriate 

estimate of class CP factors for the purposes of the PCOSS. 

Outside of the above two new methodological issues, there remains two ongoing concerns with the PCOSS 

methodology that are of increasing importance as peak demand grows in prominence on Hydro’s system. 

3) Use of 50 Hours is Too Blunt: The use of the top 50 hours is intended as a method to mitigate 

the potential for an extreme event to overwhelm costing, when a more stable result can be 

achieved by including more data points. However, while the net effect of this approach may yield 

stability, it fundamentally mutes the very acute demand signal that the costing should be seeking 

to capture. The driver of investment on Hydro’s system is the need to meet the highest peaks from 

moment-to-moment. It is not sufficient for Hydro to meet the average peak in a month, or over a 

cold snap. The net effect is shown in the following figure, which shows the load duration curves 

for the top 50 hours over a recent 5-year period: 60 

 
60 MIPUG/MH I-112c Attachment. 2023/24 & 2024/25 General Rate Application. June 19, 2023. 

Appendix 4.2 Table 2.1 Class Coincident Top 50 Peaks Overall - using Hourly Load Shapes

Class Metered 
Customers

Total Energy (kWh) Average Energy 
(kWh)

Coincident 
Peak Load (kW)

Coincident 
Peak Load 

Factor

Non 
Coincident 
Peak Load 

(kW)

Non Coincident 
Peak Load 

Factor

Overall 
Coincidence 

Factor

Street and Sentinal Lighting 52,116 66,694,550 1,280 10,639 71.60% 15,677 48.60% 67.90%
Residential 519,577 8,101,204,389 15,592 1,836,199 50.40% 1,981,092 46.70% 92.70%
GS Small Non Demand 54,225 1,761,695,630 32,489 330,446 60.90% 364,050 55.20% 90.80%
GS Small Demand 14,312 2,154,816,764 150,560 403,570 61.00% 449,781 54.70% 89.70%
GS Medium 2,178 3,095,085,926 1,421,068 499,507 70.70% 549,157 64.30% 91.00%
GS Large 750 V - 30 kV 371 1,763,606,397 4,753,656 232,579 86.60% 271,297 74.20% 85.70%
GS Large 30 - 100 kV Curtailable 1 198,167,968 198,167,968 23,051 98.10% 24,322 93.00% 94.80%
GS Large 30 - 100 kV 45 1,901,846,155 42,263,248 225,865 96.10% 259,255 83.70% 87.10%
GS Large > 100 kV Curtailable 2 1,761,382,711 880,691,355 201,385 99.80% 245,335 82.00% 82.10%
GS Large > 100 kV 21 3,681,831,886 175,325,328 442,822 94.90% 506,632 83.00% 87.40%

calculated 
CP LF

Sum 24,486,332,376          4,206,063          66%
(excluding distribution losses)

Common Bus 23,841,034,756 4,337,714 63%
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Figure 10: Top 50 Peak Values (MW) 2018-2022 

 

Over the period 2018-2022, the observed peaks are shown in Figure 10. The figure shows that 

peak demands are acute and occupy a short period of each year (only a few hours see the system 

at its true highest point). In addition, the scale of challenge to meet the load varies by year – in 

some years, the weather-sensitive loads drive the system bus peaks to almost 4,600 MW (in the 

2018-2022 period, but this is increasing with load growth). In warmer years, the peak may only 

reach 4,400 MW, but the system still has to be designed for more than 4,600 MW. 

Compare this result to the fact that the new method for peak load (as shown in Table 8 earlier in 

this document) allocates costs to the classes based on 4,052 MW (without distribution losses) as 

addressed above. At the Common Bus the new method for generating the load curve shows only 

4,307 MW as the allocator. Instead, as is apparent from Figure 1, the system must be built for 

actual experienced loads that approached 4,600 MW at Common Bus in 2019, and likely higher by 

2025/26. 

The reason for this lower allocator is the use of the top 50 hours. The allocator for PCOSS26 is not 

the top hours, or few hours, shown in Figure 10 above. It is the average across all of the hours 

shown. 
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Each instance of muting the significance of the peaks leads to underrepresentation of the 

importance of weather-sensitive loads to driving system investment. 

Hydro provided the impact on RCC ratios paring back to only use the 10 hours (sourced from the 

new methodology) rather than 50 hours, and the impact was material as shown in Table 10 below- 

however, this impact is still muted by using the new synthetic data technique, and a method that 

captures the true heights of each class peak loads would likely show further movement than shown 

in Table 10: 

Table 10: Impact on RCC Ratios from use of 10 Top Hours Rather than 50 Top Hours 

 

As shown in Table 10 above, the bias introduced by the use of top 50 hours, instead of a more 

limited set (in this case, top 10) acts in favour of smaller classes, and prejudices the large classes, 

as significant as a 1.8% impact for GSL 30-100 kV. The true impact may be larger if the added 

averaging inherent in the new load research model were not used. 

4) The 50 hours Does Not Properly Address Planning Margins: As has been noted by the Board 

in relation to the Centra Cost of Service Review, a utility system must be designed to meet the 

highest peaks, not just the average of what has been experienced. Specifically, the Board noted:61 

The Board accepts Atrium’s evidence that Centra must rely on design day demand 

in planning and constructing downstream transmission and distribution facilities. 

As such, a coincident peak method based on a design day approach is preferable 

to a coincident peak method based on an average of historical consumption peaks, 

even if Centra will have to rely on historical data to develop its design day metric. 

The basic factual situation is not different for an electrical utility. The system must be designed to 

take into account the extreme peak loads that it may experience (e.g., a P90 peak, or a P99), and 

 
61 Board Order 109/22, page 46. 

PCOSS24 
RCC Scenario RCC

Change in 
RCC

PCOSS24 Net 
Costs 
($million)

PCOSS24 
Scenario Net 
Costs 
($million)

Change in Net 
Cost

Residential 96.90% 96.80% -0.10% 936.7 937.1 0.4
GSS - ND 108.00% 107.80% -0.20% 191.8 192.2 0.4
GSS - D 96.00% 95.40% -0.60% 185.4 186.5 1.1
GSM 97.80% 97.50% -0.30% 269.2 270 0.8
GSL 0-30 kV 100.90% 100.30% -0.60% 132.5 133.2 0.7
GSL 30-100 kV 110.50% 112.30% 1.80% 108.2 106.4 -1.8
GSL >100 kV 110.70% 111.60% 0.90% 170.4 168.9 -1.5
A&R Lighting 104.20% 104.60% 0.40% 26.1 26 -0.1
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the drivers of these extreme peaks are weather, and the weather-dependent classes. For this 

reason, Centra has already adopted a CP measure which shows the class specific contribution not 

at average weather, but at design peak conditions.  

A similar movement has been initiated to develop a P90 type peak forecast for cost allocation in 

New Brunswick62, and in Newfoundland and Labrador where an accepted Negotiated Settlement 

among ratepayers indicated:63 

The Parties agree that the single coincident peak (" 1 CP") approach shall continue 

to be used in the cost allocation of production/generation demand costs and 

transmission among customer classes. Hydro agrees to further review the 

contribution of different customer classes to the uncertainty parameters in its 

planning studies (e.g. P50 vs P90), to ensure the calculation of peaks used in the 

Cost of Service study appropriately reflect the contribution of the different 

customer classes to the coincident peak used for planning purposes, and file a 

report with the results of that review with its next General Rate Application 

 The topic has not yet made it back for regulatory review in Newfoundland and Labrador. 

In the case of Hydro, continuing to refine the allocators based on CP should include assessing ways 

to take into account the impact of weather-sensitive classes on planning peaks, and costs for 

providing peak demand services should be allocated to reflect this factor. 

On the basis of the above concerns, peak demand estimation for Hydro’s PCOSS should be updated, but 

not in the manner proposed by Hydro. Instead, the focus of CP measurement should be based on the 

following principles: 

1) The Coincident Peak used for cost allocation should be an estimation of the forecast Test Year 

contribution of each class to the highest peaks for which Hydro must plan and develop the system. 

While this can be based on past actuals as a means to support the forecasts, the purpose remains 

to forecast the Test Year values. 

2) The new load research report developed by Hydro should not be used for PCOSS CP estimation as 

it excessively averages past data, muting the signal of peak hours. It also has not been shown to 

generate synthetic data that accords with known system conditions for the PCOSS inputs. 

 
62 NB EUB Written Decision in Matter 554, paragraphs 54-58. 
63  Newfoundland and Labrador Hydro Cost of Service Methodology Application,  Settlement Agreement. Available: 
http://www.pub.nf.ca/applications/2018/NLH2018CostofService/settlement/Settlement%20Agreement%20-
%202019-10-04.PDF 
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3) Hydro should estimate the CP load characteristics of the classes aiming to represent the highest 

peak hour (i.e., a 1 CP measure). To generate this measure, it can be useful to look to past data 

and a small number of hours that are very close to the system peak, such as 10 hours or less. 

4) The class CP values should then be adjusted upwards to move from expected peak conditions to 

design planning conditions (i.e., inclusive of extreme load and weather conditions for which the 

system is built). The adjustment should be done to move each class from the projected CP value 

to the peak values that would prevail at planning-level temperatures. 

Through this revision, the PCOSS would better allocate costs representative of the cost drivers for which 

those costs were incurred. 

RECOMMENDATION 4: The new Load Research Report is not suitable for use in preparing PCOSS 

allocations, as it mutes coincident peak estimates as compared to the past methodology, and the 

synthetic load output does not exhibit load estimates (such as System Load Factors) that accord 

with known system characteristics. 

RECOMMENDATION 5: The PCOSS methodology should focus on a more refined method of 

estimating each class’s share of peak load, incorporating fewer peak hours. The methodology 

should also include an adjustment to align forecast peak loads to the planning conditions for which 

investment was made on the system (i.e., very cold weather conditions, not average winters). 

The above recommendation can be incorporated into future PCOSS studies, and need not be immediately 

modelled for producing a revised PCOSS26 given the practicality of Hydro needing to develop a revised 

allocator, and that the net effect on PCOSS results would likely be a decrease to the costs allocated to 

classes who are already exhibiting rates that exceed costs, and are in need of a downward rate revision.  
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5.0 RATE PROPOSALS, AND REVENUE:COST COVERAGE RATIOS 

PCOSS26 provides Revenue:Cost Coverage ratios (“RCC”s) that report how well each class’s rates reflect a 

fair amount, in relation to the costs that the class causes. RCC ratios below 100% indicate rates are below 

costs, and above 100% indicate rates are above costs. RCC of 100% is known as “unity”. 

RCC ratios are not the only factor taken into account in setting rates. Per the well-known Bonbright 

principles, multiple factors can be taken into account in setting rates, such as rate stability and practicality. 

For this reason, it is not necessary to set rates at 100% precisely for any given class, so as to permit this 

type of balancing of perspectives. For example, it may be preferred to phase-in a rate rebalancing in the 

interests of stability, rather than immediately targeting 100% RCC each year. 

For practical reasons, jurisdictions often adopt a “Zone of Reasonableness” (“ZOR”) which indicates a range 

where rates are not covering costs (e.g., are not at 100% RCC) but nonetheless are still reasonable. This 

zone of reasonableness for Manitoba has traditionally been set at 95%-105%. Outside of the ZOR, rates 

are, by definition, not reasonable for the service provided. Further, in Manitoba, rates are required to reflect 

costs per the Manitoba Hydro Act, via a provision that appears unique among Hydro’s peers:64 

Electricity and rates policies 

39.1(1) It is hereby declared to be the policy of the government that 

(a) the rates charged by the corporation to each class of grid customers in 

Manitoba are to be based on the revenue requirements properly allocated to that 

class; 

The PCOSS is not a perfectly precise tool. There are various estimations and simplifications present in the 

study, such that the true costs caused by a class may not be perfectly modelled by the PCOSS. The more 

imprecise the study is, however, the more the incentive should be towards targeting 100% RCC ratios. This 

is because an imprecision in PCOSS costing could be matched with a variation in RCC to compound to drive 

rates much further from the true cost level than intended. Take the example of a car on the highway – if 

the car has very precise steering (i.e., PCOSS measurement perfection), it may be possible to wander to 

some degree within the lane, but if the steering is imprecise (i.e., an imperfect PCOSS) it is far more 

prudent to attempt to stay fixed in the middle of the lane, such that even with the imprecision, the car 

remains on the road. 

 
64 Manitoba Hydro Act, s. 39.1(1). 
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In addition, neither the characteristic of imprecision nor balancing criteria such as those from Bonbright 

support sustained maintenance of a single class above or below 100% over time.  Variability about 100% 

could be justified on those grounds for a short time, but not perpetually. 

5.1 CLASS-SPECIFIC RATE PROPOSALS 

The RCC ratios arising from PCOSS26 indicate a high degree of concern for fairness, as shown in Hydro’s 

Figure 7.2, reproduced below:65 

Table 11: Manitoba Hydro Figure 7.2 Showing Revenue:Cost Ratios from PCOSS24 and 

PCOSS26 

 

As indicated in Table 11 above, the RCC ratios for the various classes, particularly those far from unity, 

have moved closer to 100% since the last GRA. This in part reflects the Board’s decision in the 2023-25 

GRA to implement modestly differential rate changes for the various classes, intended to help address RCC 

disparity.66 More notably, however, the change in RCCs reflects that the PCOSS24 was based on high water 

conditions, and PCOSS26 is based on low starting reservoir conditions.67 In the 2023-25 GRA, the PUB 

requested a scenario that showed RCCs for PCOSS24 assuming average water flows, which showed RCC 

ratios for industrial customers (GSL 30-100 kV and GSL >100 kV) that were very slightly lower than the 

values shown for PCOSS26.68 As PCOSS26 likely has a slight downward pressure on these RCCs due to 

 
65 Hydro Application, Tab 7, Figure 7.2 
66 Order 101/23 implemented rate changes varying from 1.4% (residential) to 0.5% (GSL 30-100 kV and GSL >100 
kV) 
67 Per Tab 4 Page 9: “Low water conditions have continued, impacting 2024/25 hydraulic generation and carry forward 
storage to start 2025/26.” PCOSS 26 is based on the 2025/26 forecast conditions including this low starting reservoir 
level. 
68 PUB/MH-I-141a from the Hydro 2023-25 GRA 
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lower starting reservoirs, this suggests that despite the differential rates implemented, the degree to which 

industrial customers depart from unity has increased, not decreased, since the last GRA.  

The three sets of RCC ratios (PCOSS24, PCOSS24 and Average Water Flow, and PCOSS26) are shown in 

Table 12 below: 

Table 12: Comparison of PCOSS24 at Average Water Flows and PCOSS26 

 

Table 12 above shows that for the industrial classes in particular, the fact that PCOSS26 is slightly closer 

to unity than PCOSS24 is primarily driven by the end of the high water period, and not by the modest 

differential rates approved by the Board in the 2023-25 GRA. 

The impact of the divergence from unity in PCOSS26 is very significant in dollar terms, as set out in Table 

13 below, which reproduces the PUB IRs asked of Hydro:69 

  

 
69 PUB/MH-I-80a-b, Table B. 

PCOSS 24 PCOSS 24 Average PCOSS26 change PCOSS24 Average
Water Flows Water Flows to PCOSS 26

Residential 94.4% 94.8% 96.9% 2.1%
GS Small ND 109.7% 110.0% 108.0% -2.0%
GS Small - D 101.8% 102.1% 96.0% -6.1%
GS Medium 100.3% 100.3% 97.8% -2.5%
GSL 0-30 kV 97.9% 97.4% 100.9% 3.5%
GSL 30-100 kV 112.4% 110.2% 110.4% 0.2%
GSL >100 kV 113.2% 110.5% 110.6% 0.1%
ARL 108.2% 112.0% 104.2% -7.8%
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Table 13: Dollar Value Impact Per Year From Moving All Classes to Unity 

 

Table 13 above highlights that for the GSL classes, over $30 million per year is paid in rates that exceed 

costs. As this situation has been enduring over multiple years, the net impact over time is of a large 

magnitude. 

To address the disparities and fairness issues indicated by PCOSS26, the clearest scenario provided by 

Hydro in this GRA is the response to MIPUG/MH-I-21a. That scenario proposed to retain the 3.5% annual 

rate increases in each test year for all classes except GSL 30-100 kV, GSL >100 kV, and GS Small – Non-

Demand, which received net 0% overall rate changes throughout the three-year horizon. The RCCs 

associated with this scenario are shown in Table 14 below: 

Table 14: RCC Changes Arising from 3.5%/0% Rate Change Scenario 

 

PCOSS26 Scenario Yr 1 Scenario Yr 2 Scenario Yr 3

Residential 96.9% 97.8% 98.7% 99.6%
GS Small ND 108.0% 105.5% 103.0% 100.6%
GS Small - D 96.0% 96.8% 97.6% 98.4%
GS Medium 97.8% 98.6% 99.3% 100.1%
GSL 0-30 kV 100.9% 101.5% 102.2% 102.8%
GSL 30-100 kV 110.4% 107.2% 104.0% 100.9%
GSL >100 kV 110.6% 107.3% 104.0% 100.8%
ARL 104.2% 106.1% 108.0% 109.9%
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As shown in Table 14 above, the scenario of annual 3.5% increases for all classes other than those above 

the ZOR yields a very tight distribution band about unity by the end of the third year. The scenario has not 

fully addressed the issues of Area and Roadway Lighting (ARL) but this is a small class and further 

adjustments to the proposal can be refined to address this issue without materially affecting the results for 

the other classes. The scenario of 3.5%/0% rate adjustments shown above yields a net 2.6% rate change 

in the test year, so there remains room to mitigate impacts on ARL without undermining Hydro’s overall 

revenue at the 2.5% target level. 

There is also an established precedent in Manitoba for a sustained 0% rate adjustment of this type. The 

GSL 30-100 kV and GSL >100 kV classes had their rates adjusted in 1992, but then due to high RCC ratios, 

these classes received 0% rate adjustments in the 1994 Hydro GRA70, the 1996 Hydro GRA, and a small 

rate reduction in the 2002 Status Update rate hearing. Overall, the classes faced a period of approximately 

10 years with no rate increases, due to high RCC ratios. 

At the time of the 1994 GRA, the first of the 0% rate adjustments for GSL, the RCC for that class was 

110.9%71 At the 1996 GRA, the RCC was 108.2% and the 0% rate adjustment regime for GSL was 

continued.72 For the 2002 Status Update proceeding, the Board rejected the PCOSS02 as filed, and relied 

upon a long record of PCOSS studies that shows GSL 30-100 kV and >100 kV in the range of 110%, with 

one recent study indicating 117-119%.73 This record of a sustained period above the ZOR led the Board to 

implement a 2% reduction for these classes. 

RECOMMENDATION 6: In order to address the persistent high RCC ratios for certain classes 

(GSL 30-100 kV, GSL >100 kV, GS Small Non-Demand), it is recommended that 0% rate increases 

be implemented for the three years covered by this GRA. For the remaining classes, the 3.5% 

increase as proposed by Hydro is justified. This yields approximately 2.5% in overall revenue 

increases to Hydro. 

 

 

 

  

 
70 Order 62/94 
71 Order 62/94, page 36. 
72 Order 51/96.  
73 Board Order 7.03, page 48. 
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6.0 RATE DESIGN 

Having determined the overall level of revenue to be recovered from each class, there remains significant 

flexibility to structure how this revenue will be recovered, via the design of rates. 

Similar to concerns noted regarding Hydro’s Cost of Service, Hydro’s proposed rate design insufficiently 

reflects the increasing peak demand pressures on the system. 

This can be seen across many of the classes, notably for industrial customers and residential customers. 

6.1 INDUSTRIAL CUSTOMER RATE DESIGN 

With respect to industrial customers, the design of demand and energy rates is not directly aligned with 

the embedded costs. This is demonstrated in Figure 11 below:74 

Figure 11: Cost of Service Versus Rate Components for General Service Large Classes 

 

As shown in Figure 11, the rate components for the GS Large roughly match the underlying cost 

components, but there is a mismatch in magnitude. This mismatch can be addressed in two ways.  

First, at times of rate adjustments, the rate change can be focused on the portion of the rate that improves 

matching. However, in the current case where no overall rate increase is justified for the GSL 30-100 kV 

class and the GSL >100 kV class, improved alignment can be achieved through revenue-neutral 

rebalancing, to increase the demand charge somewhat, and reduce the energy charge in a corresponding 

way. Even a relatively small move of a few percentage point would help realign the balance of rates to 

reflect updated costs.  

 
74 Coalition/MH-I-157c 
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The issues can be readily resolved by revenue-neutral rebalancing. Specifically, from a rate fairness 

perspective, it would be appropriate to increase the recovery of GSL costs in demand charges, with an 

equal and offsetting reduction in energy charges (in dollar terms). Focusing on the two largest classes, this 

can be achieved by moving the rate recovery target for GSL >100kV from 27% in PCOSS26, to 33% over 

the course of three years (starting from 27%, to 29% in year 1, then to 31% and finally 33%). A similar 

scale of adjustment would work for GSL 30-100 kV as well and would be a material improvement on the 

GSL 0-30 kV class. 

RECOMMENDATION 7: The firm rates for each of the GS Large classes should be rebalanced on 

a revenue-neutral basis, such that demand cost recovery is increased by 2 percentage points (as 

a percentage of overall class revenues) and energy rates reduced by an equal and offsetting dollar 

amount. 

Beyond firm rates, Manitoba Hydro has the opportunity to improve industrial price signals through 

development of optional rates or other programs. As the importance of peak demand increases, it is 

advisable to develop rate mechanisms which improve the signals and economic incentives for customers to 

avoid high load levels at system peak times. A longstanding example is the curtailable option available to 

customers who opt in (when the program is open to new entrants). This type of offering should be of 

increasing value to the system, and compensation for customers should reflect this increased value. 

More recently, in the previous GRA Hydro adopted a very limited opportunity for industrial customers to 

increase or shift their use of demand from peak periods to off-peak periods.75 It is still too early to determine 

the outcomes of this rate change, but it should be noted that such an initiative is advisable for two reasons: 

1) It can send price signals to customers to shift, decrease, or increase their usage at times when it 

best supports the system. This outcome is only achieved if load changes arise in response to the 

price signal.  

2) A rate design of this type can better achieve intraclass fairness, even if no load shifting or load 

changes occur. This is because the customers who inherently benefit from this type of change are 

those that already have off-peak demand levels that exceed on-peak demand levels. 

Such rate designs have the effect of modest but continual pressure on customers to adapt their loads. It 

should be assumed that many years may be required to see the full effects of any potential load shift. 

 
75 Application, Tab 7, Section 7.8.1 
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While the change proposed by Hydro in the previous GRA was modest, there are no new proposals in this 

GRA to improve the incentives or price signals to industrial customers to manage their demand. This is an 

unfortunate omission.  

With potential load reductions arising from broad weak economic conditions, industrial customers may also 

be in a position where production operates at a lower load factor than during strong economic periods. In 

such an environment, the potential to shift load to match a time-of-use rate signal is of increasing 

importance to both minimizing system costs, and to customer competitiveness. The lack of such proposals 

for optional time-differentiated rates should not preclude Hydro from proceeding promptly to develop and 

seek approval of optional rate designs to yield concurrent benefits to industrial customers and the utility. 

6.2 RESIDENTIAL CUSTOMER RATE DESIGN 

The balance of rates versus costs for residential customers does not show the type of alignment across the 

three services (energy, demand, customer) as was seen with industrial customers, as shown in Figure 12 

below:76 

Figure 12: Cost of Service Versus Rate Components for Residential Classes 

 

The residential customer rate design is poorly matched to the costs that drive the rate levels. This is typical 

in residential classes, who do not normally have a demand charge. However, in the modern context, this 

drives concerns for price signals that can affect intraclass fairness but also wider impacts for load 

developments on the entire Hydro system: 

 
76 Data from PCOSS26, Appendix 7.1, and MFR-84. 
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1) Demand Price Signals: The residential class under-collects the demand component, which is 

largely recovered through a single energy charge applied throughout the year. Approximately two-

thirds of the costs that the energy charge is recovering are actually related to residential usage at 

peak times, particularly winter (the dark blue portion of Figure 12). However, price signals related 

to peak consumption are not felt whatsoever by residential customers. The signals are felt in 

relation to use of power at all times throughout the year, equally. Hydro notes that there are ways 

to address this issue based on the experience of peers, but suggests such options are not available 

without AMI.77 This is not correct. There are rate design options which improve price signals and 

intraclass fairness, which can be implemented without AMI, including blocked rates (e.g., a price 

per kW.h for basic usage each month, with a higher price above that usage) and seasonal rates 

(e.g., apply a higher per kW.h charge in the months of December, January and February than in 

the rest of the year). It is not apparent that Hydro has fully explored these options, to the detriment 

primarily of residential class intraclass fairness, but also to conservation price signals at peak times. 

2) Energy Price Signals: In contrast to the demand price signal being absent for residential 

customers, the obverse occurs with respect to energy price signals. The embedded cost of serving 

energy is 3.3 cents/kW.h.78 The remainder of the proposed residential energy rate (9.587 

cents/kW.h) is actually recovering demand-related costs tied to extreme winter peaks. However, 

for the typical residential customer, this is not the price signal they experience. Instead, they see 

an energy price signal that is equal throughout the year, and which is primarily intended to pay for 

peak load serving infrastructure. As a result, a residential customer can install, for example, solar 

panels that do not avoid peak winter loads at all (peak hours are dark), but still see the net benefit 

of 9.587 cents/kW.h through avoided purchases. This price signal can be improved, by minimizing 

the summer price of energy.  

3) Customer-Related Prices: Figure 12 above also indicates a modest mismatch between the 

embedded cost of customer-related services and the proposed customer charge, which is too low 

to fully recover costs. 

The net effect of the above rate design is that Hydro is recovering costs related to fixed infrastructure and 

to peak winter load, from variable energy rates, including in summer. This gives information to customers 

to make significant efforts to avoid energy use in summer, or at off-peak times. Using the example of 

behind-the-meter solar generation, a customer can see their bill decline by 9.587 cents for each kW.h they 

generate in summer. However, the resource value of that solar output in summer hours, when there is little 

winter energy and no winter capacity, can be quite low. This issue is particularly acute when the savings 

 
77 PUB/MH-I-75a-b. 
78 Per PCOSS26, the embedded energy cost to serve the residential class is $282.7 million, while energy is 8,487 GW.h, 
for an average cost of  
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accrue to customers with the financial means to invest in and install solar, and the residual adverse effects 

on the class fall to the remainder of residences. 

The price signal can be improved by lowering energy prices in summer. This can be achieved with various 

innovative rates once AMI is installed, but in the meantime, an increase in the basic customer bill, and a 

potential focus on seasonal rates with higher energy rates in winter than in summer would improve price 

signals (as would adding a second block to residential energy rates in winter).  

The alternative of a second block energy rate that applies in all months could be counter-productive, as it 

may serve to increase the net benefit from avoided energy use. If a second block rate design is to be 

adopted, it should apply only in winter months. 

It would be an unfortunate outcome to have to wait for AMI to be comprehensively installed and operating 

before being able to address this issue, to the benefit of all customer classes. 

RECOMMENDATION 8: Hydro’s residential rate design excessively recovers costs from summer 

energy. Efforts should be made to increase cost recovery using other tools, such as increases in 

basic customer charges, seasonal rates based on higher winter energy charges than summer, or 

second block rates which charge higher prices for larger use in a month. These measures do not 

require waiting for AMI to be installed. 
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APPENDIX A: HYDRO’S REVISED LOAD RESEARCH METHODOLOGY 

1.0 INTRODUCTION 

Manitoba Hydro’s load research methodology is a key input into its Prospective Cost of Service Study 

(“PCOSS”) analysis. It involves collecting and analyzing customer electricity usage data to estimate class-

specific demand characteristics for the test year.  

The 2022/23 Load Research Report79 is the first year that Hydro has adopted a new methodology for input 

to the PCOSS. In the report, Manitoba Hydro has transitioned away from its previous method of estimating 

peak demand by simple analysis of top 50 hours at Common Bus. The utility has adopted a new approach 

that calculates peak demand using full-year, 8,760-hour class-specific load shape approach.80 These profiles 

are developed using five years of interval meter data and incorporate seasonal segmentation, 

weekday/weekend separation, ranked averaging of hourly demand, and reassignment of values using either 

average load behavior or weather-based regression models. 

As part of this updated methodology, Manitoba Hydro has emphasized the benefits of incorporating hourly 

load shapes that can permit long-term scenario modelling reflecting the influence of demand-side 

management (DSM), solar generation, and electric vehicle charging patterns. These enhancements allow 

for a more granular understanding of how different customer classes may contribute to system demand 

throughout the day and year in future years.81 

While Manitoba Hydro highlights the operational benefits of these load shapes, this Appendix focuses 

specifically on their use in coincident peak analysis and cost allocation.82 Although the updated approach 

provides a more detailed view of class-level demand throughout the year, it also introduces statistical 

effects that influence the measurement of coincident peak demand (CPD) and the overall coincidence factor 

(OCF). These effects have implications for cost allocation, which are explored throughout this Appendix. 

In addition to the 2022/23 report, Hydro has provided the 2023/24 version of the Load Research Report83, 

including material corrections to errors contained in the original version of the 2023/24 report. With the 

correction of the errors, the 2023/24 version of the report parallels the 2022/23 version, and no further 

commentary is provided on the 2023/24 version in this Appendix.  

 
79 Application, Appendix 4.2. 
80 Page 215. Written Final Argument of Manitoba Hydro. 2023/24 & 2024/25 General Rate Application. June 19, 2023. 
81 Page 7. Tab 4 – Energy Demand & Supply Assumptions. 
82 Page 19. Tab 4 – Energy Demand & Supply Assumptions. 
83 Coalition/MH-I-143a-b 
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This Appendix is organized into the following sections: 

•  2.0 Comparison of Revised and Previous Load Research Methodologies 

Provides a detailed overview of Manitoba Hydro’s revised (2022/23) and previous (2014/15) load 

research methodologies, including a step-by-step comparison of their structure and statistical 

techniques. 

o 2.1 Revised Load Research Methodology (2022/23) 

o 2.2 Previous Load Research Methodology (2014/15) 

o 2.3 Comparative Analysis of Methodological Differences 

• 3.0 Methodological Considerations and Impacts on Peak Demand Metrics 

Examines how specific methodological choices - such as averaging, temporal misalignment, and 

weather assumptions - affect the calculation and interpretation of coincident peak demand (CPD), 

non-coincident peak demand (NCPD), and overall coincidence factor (OCF). 

o 3.1 Methodological Effects on Peak Demand Measurement 

o 3.2 Implications for Peak Demand Metrics 

o 3.3 Observed Discrepancies Between Class-Level and System-Level Metrics 

1.1.1 Use of Load Research in Cost Allocation 

Manitoba Hydro uses CPD to allocate costs associated with Generation, Transmission, and Subtransmission 

facilities.84 Coincident peak demand allocators are designed to measure each class’s demand during system-

wide peak hours. They help quantify how much each class contributes to the system’s maximum load, 

which is critical for allocating capacity-related costs fairly. 

Load research studies are conducted to develop estimates for cost of services studies of: 

• Hourly demand profiles by customer class 

• Contribution to system peak demand 

• Load factors and diversity 

• Coincidence with class and system peak 

 
84 Page 214. Written Final Argument of Manitoba Hydro. 2023/24 & 2024/25 General Rate Application. June 19, 2023. 
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These estimates are used to develop peak demand metrics, particularly CPD, NCPD, and OCF, which inform 

the allocation of demand-related costs in the PCOSS. 

1.1.2 Historical Context 

Manitoba Hydro’s load research and peak demand metric methodologies have undergone several changes 

over time: 

• PCOSS99: Transitioned from using the single highest hourly demand (1 CP) to calculating the 

coincident peak demand allocator based on the average demand over the top 50 winter hours.85 

In utility parlance, this is not a “50 CP” or even a 2 CP or 4 CP allocator (where such allocators are 

constrained to a particular period, such as one from summer and one from winter, or one from 

each of December, January, February and March). It is an allocator attempting to measure the 

single-highest winter peak demand (the 1 CP) using a methodology to derive this estimate relying 

on past data which incorporates some degree of averaging or smoothing. 

• PCOSS10: Began using averaged results from multiple Load Research studies to reduce year-to-

year variability in class demand estimates.86  

• 2011/12 Load Research Study: Revised the definition of system peak to include wind generation 

and imports, which had previously been excluded.87  

• PCOSS14-Amended: Used the 2011/12 load research study and began phasing in the use of the 

top 50 hours from the past eight years of Load Research data as they became available.88 PCOSS18 

(based on the 2014/15 Load Research Report) was the first to use eight years of top 50 hour 

system peaks.89 This methodology continued through PCOSS21 and PCOSS24.90,91,92 

• Board Order 164/16: Directed that Load Research data should reflect domestic peak loads, rather 

than total generation peaks.93 Subsequent cost of services studies – including those using the 

2014/1594,95, 2022/2396 and 2023/2497 Load Research Reports - measure the top 50 hours based 

on peak demand at the Common Bus.  

 
85 Page 213. Written Final Argument of Manitoba Hydro. 2023/24 & 2024/25 General Rate Application. June 19, 2023. 
86 PUB/MH-I-5a-d. Manitoba Hydro 2015 Cost of Service Methodology Review. April 21, 2016. 
87 CAC/MH I-55b. 2012/13 & 2013/14 Electric General Rate Application. September 21, 2012. 
88 PUB/MH-I-5a-d. Manitoba Hydro 2015 Cost of Service Methodology Review. April 21, 2016. 
89 Schedule 4.2, Appendix 8.1. Manitoba Hydro 2017/18 & 2018/19 General Rate Application. May 2017. 
90 Page 7. Appendix 8.1, 2023/24 & 2024/25 General Rate Application. December 21, 2022. 
91 COALITION/MH I-156c, 2023/24 & 2024/25 General Rate Application. February 3, 2023. 
92 MIPUG/MH I-112f, 2023/24 & 2024/25 General Rate Application. February 3, 2023. 
93 Page 52. PUB Board Order 164/16. December 20, 2016. 
94 PUB/MH II-92d. Manitoba Hydro 2017/18 & 2018/19 General Rate Application. October 16, 2017. 
95 Page 11. COALITION/MH I-143-a-b-Attachment 1. 
96 Page 29. Appendix 4.2 - Load Research Report 2022/23. 
97 Page 30. COALITION/MH I-143-a-b-Attachment 2. 
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2.0 COMPARISON OF REVISED AND PREVIOUS LOAD RESEARCH 

METHODOLOGIES 

This section provides a detailed overview of the processes involved in Manitoba Hydro’s 2022/23 and 

2014/15 load research methodologies. It also presents a comparison between the two approaches, 

highlighting key differences in data handling and analytical techniques. 

2.1 REVISED LOAD RESEARCH METHODOLOGY (2022/23) 

Manitoba Hydro’s 2022/23 revised load research methodology constructs typical 8,760-hour load profiles 

for each rate class using five years of historical interval meter data. The process includes aggregating data 

to hourly values, segmenting the year into seasonal blocks, and separating weekdays from weekends. 

Hourly demand values are ranked within each year and averaged across five years to create smoothed 

profiles. 98 

These ranked values are then reassigned to calendar hours using either average load behavior (for process-

driven classes) or regression models incorporating weather data (for weather-sensitive classes). The 

resulting profiles are normalized and scaled using weather-adjusted annual consumption. Manitoba Hydro 

engaged DNV Energy Insights in 2023 to review and validate this methodology.99 

2.1.1 Understanding of 2022/23 Load Research Methodology 

Step 1: Customer Sampling 

A sample of customer meters is used to estimate load shapes for most rate classes other than the largest 

industrial customers. All GSL >100kV and GSL 30–100kV customers are metered, providing census-level 

data. Sample meters record energy demand at 5- or 15-minute intervals and transmit data via Ethernet, 

cellular modem, or landline. These readings are aggregated to hourly kW values. 

The sample design uses stratified random sampling with a target accuracy of ±10% at a 90% confidence 

level. Most classes achieved better than 10% relative precision, confirming statistical validity. 

Residential customers are split into two distinct classes for analysis: 

• Residential All-Electric (Electric Heat): Customers coded in Hydro’s system as having the capability 

of electric heating. 

• Residential Other: Customers without electric heating. 

 
98 Page 18 & 19. Tab 4 – Energy Demand & Supply Assumptions. 
99 Page 19. Tab 4 – Energy Demand & Supply Assumptions. 
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Each class is sampled and modeled independently, reflecting their different load characteristics. They are 

only combined at the final stage to produce a composite residential profile if needed. 

Street and Area Lighting profiles are estimated using: 

• Sunset/sunrise times 

• Observed kW demand of luminaires 

• Fixture counts from billing records 

Step 2: Data Collection 

Manitoba Hydro collects interval meter data for each rate class over a five-year period, spanning from April 

1, 2019, to March 31, 2024. Each year contributes 8,760 hours of data, with February 29 excluded to 

maintain consistency across years. Although interval meters typically record data at five-minute intervals, 

the data is aggregated to hourly values by averaging the readings across each hour. 

Step 3: Data Processing 

Raw data undergoes a Validation, Estimation, and Editing (VEE) process to correct outages, outliers, and 

misalignments. Meters must meet minimum data thresholds: 

• ≥75% of hourly data for the year 

• ≥85% for both Summer and Winter seasons (≤14 days missing per 90-day season) 

If data is sufficient but incomplete, a Random Forest algorithm is used to reconstruct missing values using 

historical patterns and weather variables. The model is trained using an 80/20 train-test split and validated 

using R², MAE, MSE, and RMSE metrics. 

Step 4: Stratification and Case Weighting 

Meters are stratified by total annual energy consumption and weighted to ensure proportional 

representation. Five years of stratified and weighted data are aggregated for each rate class. 

Step 5: Seasonal Block Segmentation 

To account for seasonal variation in electricity consumption, the calendar year is divided into nine blocks, 

with week 1 beginning on April 1 of each year: 

• Blocks 1 through 7 each cover a five-week period, representing the first 35 weeks of the year. 
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• Block 8 spans Weeks 36 to 47, covering a 12-week period. 

• Block 9 includes Weeks 48 to 52, representing the final five weeks of the year. 

Step 6: Weekday vs Weekend Separation 

Within each seasonal block, the data is separated into two categories: 

• Weekdays, defined as Monday through Friday. 

• Weekends, defined as Saturday and Sunday. 

• Hydro does not indicate a different treatment for Statutory Holidays. 

Step 7: Hourly Ranking and Averaging 

For each hour of the day (e.g., 0:00, 1:00, ..., 23:00), within each block and day type (weekday or 

weekend), the following process is applied: 

• All hourly kW values for that hour are collected across the relevant days in each year. For example, 

for 0:00 on weekdays in Block 1, approximately 25 values per year are collected (5 weeks × 5 

weekdays). 

• These values are ranked from highest to lowest within each year. 

• For each rank position (e.g., Rank 1, Rank 2, ..., Rank N), the values are matched and averaged 

across the five years. 

This process produces a ranked average profile for each hour, block, and day type. The result is a smoothed 

hourly load shape that retains the general, but not specific, nature of peaks. 

Step 8: Reconstructing Chronological Order 

Once the ranked hourly values have been averaged, they must be reassigned to specific calendar hours. 

This is done differently depending on the type of rate class. 

• A. For Process-Driven Rate Classes 

This method is applied to the following classes: GSL >100kV, GSL 30–100kV, and GSL 750V–30kV. The 

ranked hourly values are reassigned to calendar hours based on the average shape of the class. For 

example, if the highest 0:00 value typically occurs on the third Monday of the block, it is placed there. 

This approach assumes that load behavior is consistent and process-driven for these classes. 
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• B. For Weather-Sensitive Rate Classes 

This method is applied to Residential Electric Heat, Residential Other, GS Small Demand, GS Small Non-

Demand, GS Medium, and Common Bus. A regression model is developed for each rate class using the 

following variables: 

• Hourly kW demand 

• Outside air temperature 

• Heating and cooling degree days 

• Time of day 

The regression model is applied to EnergyPlus hourly weather data to predict expected hourly demand. 

These predictions are used to rank calendar hours, and the ranked values from Step 4 are inserted 

accordingly. 

The regression is required because weather-sensitive loads are not universally linked to lower temperatures. 

For example, in July may be the hottest days which see the highest peaks, and in September (which could 

have both cooling load and heating load, depending on the conditions), it may be a hybrid of the coldest 

days and the hottest days, with in-between temperatures seeing lower peaks. 

Step 9: Normalization 

Once the 8,760-hour load shape is constructed, each hour’s kW value is divided by the total annual kW 

sum. As this value is the kW usage within an hour, the measure is in effect an integrated energy measure 

for that hour (kW.h) This produces a normalized load shape, where each hour represents a percentage of 

annual consumption. The sum of all hourly values equals 1.0. 

Step 10: Final Load Profile Creation 

The normalized load shape is multiplied by the weather-adjusted annual kWh consumption for each rate 

class, based on customer billing records. This step produces the final hourly demand profile for each rate 

class, expressed in kilowatts (kW), and includes estimated peak demand values. 

This step is performed separately for each rate class, using the class-specific normalized load shape and 

corresponding weather-adjusted consumption. 

For Residential Electric Heat and Residential Other, which are treated as distinct classes throughout the 

methodology including separate regression models in Step 8, the final hourly profiles are calculated 
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independently. The two residential profiles are then combined to produce a unified residential load shape 

where needed. 

Step 11: Peak Demand Metric Calculation 

Manitoba Hydro assesses each rate class’s contribution to system-wide peaks over the top 50 hours for the 

created load profile using the following steps: 

1. Identify new synthetic system peak hours using the Common Bus profile 

2. For each rate class: 

a) Determine CP hours (aligned with system peaks) 

b) Identify NCP hours (class-specific peaks) 

c) Calculate CP and NCP demand 

d) Calculate CP LF. 

These calculations are performed for three distinct timeframes: full fiscal year, winter period (December 1 

to February 28), and summer period (June 1 to August 30). 

2.2 PREVIOUS LOAD RESEARCH METHODOLOGY (2014/15) 

In earlier Cost of Service Studies, including PCOSS18, PCOSS21, and PCOSS24, Manitoba Hydro relied on 

a load research methodology that estimated class contributions to system peak demand using a 

combination of sample-based interval data and multi-year averaging. Rather than constructing full-year 

hourly load shapes, the methodology focused on analyzing customer demand during only the top 50 system 

peak hours. 

The 2014/15 methodology used a stratified random sample of 1,247 customers, supplemented by census-

metered data for large and specialized accounts. Interval data was collected at 5- or 15-minute intervals 

and aggregated to hourly values. Class-level loads were estimated using the Combined Ratio Estimation 

method, and hourly profiles were developed by averaging demand across the top 50 ranked peak hours. 

An eight-year rolling average was then applied to smooth year-to-year variability, resulting in coincident 

peak demand estimates based on 400 hours of data. 

The load research methodology is outlined in COALITION/MH I-143-a-b-Attachment 1 of the GRA. 
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2.2.1 Understanding of 2014/15 Load Research Methodology 

Step 1: Select Sample and Census Customers 

Manitoba Hydro selected a statistically representative sample of 1,247 customers. This sample was 

designed to reflect the broader customer population across various rate classes. In addition, 84 customers 

were metered at census, meaning their full load profiles were directly measured without extrapolation. 

These census customers were primarily large industrial or specialized accounts. 

Step 2: Data Collection 

Each customer in the sample was equipped with a mass-memory meter capable of recording energy 

demand at either 5-minute or 15-minute intervals. Data was retrieved using various communication 

methods and then aggregated to hourly kilowatt (kW) demand values for analysis. 

Step 3: Stratification of the Sample Population 

To ensure representative sampling, customers were stratified based on several criteria: 

• Building Function (BF), which combines the Standard Industry Classification Code (SICC) and the 

Physical Structure Index (PSI). 

• Annual energy consumption (kWh), using the Dalenius-Hodges method for Residential, General 

Service Small – Non-Demand (GSS-ND), and General Service Large (750V–30kV) classes. 

• Phase type (single-phase or poly-phase). 

• Building Function only for General Service Small – Demand (GSS-D) and General Service Medium 

(GSM) classes. 

Monthly energy data from the Customer Information System (CIS) was used to derive population energy 

totals and reduce seasonal bias in the estimates. 

Step 4: Estimate Class-Level Loads 

Class-level load estimates were calculated using the Combined Ratio Estimation (CRE) method. This 

statistical technique adjusts sample data based on known population energy totals, improving the accuracy 

of extrapolated load shapes. 

Step 5: Develop Load Profiles 

Hourly load profiles were developed for each rate class by averaging the sampled and census data across 

the top 50 system peak hours. These profiles were used to estimate class contributions to system peaks at 
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both the Common Bus level (domestic-only) and the generation level (including exports and IPP 

contributions). 

Step 6: Estimate Lighting Loads 

Street and Area Lighting profiles were estimated using a combination of: 

• Sunset and sunrise times 

• Observed luminary demand 

• Fixture counts obtained from CIS 

A small portion of the Area and Roadway Lighting (ARL) class, less than 5 percent, included base load not 

controlled by photocells (e.g., traffic signals), which was excluded from load factor calculations. 

Step 7: Include Census-Metered Rate Classes 

Certain rate classes, including General Service Large (>30kV), Surplus Energy Program (SEP), and 

Curtailable customers, were metered at census. Their load shapes were derived directly from measured 

data and did not require sampling or estimation. 

Step 8: Multi-Year Averaging 

For the purposes of calculating coincident and non-coincident peak demand in the Cost of Service Study, 

Manitoba Hydro used an eight-year rolling average of Load Research data, covering the period from 

2007/08 to 2014/15. 

Step 9: Peak Demand Metric Calculation 

Coincident peak demand was determined by identifying the top 50 winter peak hours at the Common Bus 

for each year in the dataset.100,101 By averaging class contributions across these 50 hours annually, the 

methodology effectively incorporated 400 peak hours out of a total of 70,080 hours. 102  

 
100 Page 43. Appendix 8.1, 2023/24 & 2024/25 General Rate Application. December 21, 2022. 
101 MIPUG/MH I-112c, 2023/24 & 2024/25 General Rate Application. February 3, 2023. 
102 Page 217. Written Final Argument of Manitoba Hydro. 2023/24 & 2024/25 General Rate Application. June 19, 2023. 
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2.3 COMPARATIVE ANALYSIS OF METHODOLOGICAL DIFFERENCES 

The following analysis compares Manitoba Hydro’s revised (2022/23) and historical (2014/15) load research 

methodologies. While both approaches aim to estimate customer demand and support system planning, 

they differ significantly in scope, statistical techniques, and analytical capabilities. 

The 2022/23 methodology introduces a more comprehensive framework, incorporating full-year load 

profiles, weather sensitivity modeling, and machine learning-based data imputation. These enhancements 

support a broader range of applications identified by Manitoba Hydro, including the development of load 

shapes for demand-side management (DSM), solar generation, and electric vehicle charging patterns.103 

However, this broader range is not relevant to the aspects of the study that drive the outputs used in cost 

allocation. In contrast, the 2014/15 methodology focuses on a narrower set of peak hours and relies on 

more traditional and transparent sampling and estimation techniques, and yields outputs primarily (if not 

exclusively) aligned at cost allocation. 

Both methodologies incorporate smoothing techniques to reduce the influence of year-to-year anomalies 

and weather-related fluctuations. The 2014/15 methodology applies an eight-year rolling average to the 

top 50 system peak hours. The 2022/23 methodology, by contrast, uses a rank-and-average process across 

five years of hourly data to produce stable load profiles. Additionally, Manitoba Hydro identifies the top 50 

system peak hours from these profiles for use in system demand metrics, introducing another layer of 

smoothing and further moderating the impact of short-term events that could otherwise drive system peak 

estimates.  

The implications of these smoothing techniques, along with other considerations for peak demand metrics 

such as coincident peak (CP), noncoincident peak (NCP), and on-peak coincidence factors (OCF), are 

discussed in the following section. 

  

 
103 Page 7. Tab 4 – Energy Demand & Supply Assumptions. 
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3.0 METHODOLOGICAL CONSIDERATIONS AND IMPACTS ON PEAK DEMAND 

METRICS 

This section provides a quantitative analysis of Manitoba Hydro’s methodological choices in its revised load 

research approach, particularly those related to averaging, temporal alignment, and use of historical 

demand data influenced by real weather conditions, and how these choices affect the calculation and 

interpretation of peak demand metrics. These metrics, including coincident peak demand (CPD), non-

coincident peak demand (NCPD), and the overall coincidence factor (OCF), play a critical role in cost 

allocation and system planning.  

In addition to smoothing and misalignment effects, the methodology has produced observable 

discrepancies between class-level and system-level metrics. These discrepancies may not reflect errors, but 

they raise concerns about internal consistency and the reliability of peak demand metrics. 

The following sections examine these statistical effects in detail. 

3.1 METHODOLOGICAL EFFECTS ON PEAK DEMAND METRICS 

Manitoba Hydro’s load research methodology incorporates techniques and data choices that influence how 

peak demand is represented. These include: 

1. Averaging of the top 50 hourly demand values across five years 

2. Use of the Rank and Average method to construct load shapes, organized into hours 

3. Reliance on actual weather rather than planning-based conditions 

The first two items are statistical averaging techniques that smooth variability in demand data. Averaging 

the top 50 hourly values across multiple years reduces the influence of individual peak events, while the 

Rank and Average method further smooths hourly demand profiles by averaging ranked values across 

multiple years, but constrained to each residing within same hour of the day. 

The third item reflects a data sampling approach based on actual historical weather conditions. This affects 

which types of events are captured in the dataset, particularly rare but impactful weather extremes. 

Each of these factors introduces smoothing, temporal misalignment, or sampling limitations that affect the 

interpretation of peak demand metrics. 
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3.1.1 Multi-Year Averaging and Use of Top 50 Hours 

Both the 2014/15 and 2022/23 Load Research Reports use a methodology that selects the top 50 hourly 

demand values for each year and averages them across multiple years - eight years in the 2014/15 report 

and five years of synthetically created load shape in the 2022/23 report.  

Averaging across the top 50 hourly demand values introduces a smoothing effect that reduces the influence 

of the actual system peaks. Instead of focusing on the single highest-demand hour, this approach captures 

a broader set of high-load conditions, which flattens the sharpness of peak demand.  

The difference between the highest hourly load and the 50th highest can be substantial. Table A15 

illustrates this effect, showing that in 2019, the 50th highest hourly load was 7.6% lower than the peak. 

This gap highlights how even within a single year, averaging across the top 50 hours can understate the 

magnitude of peak conditions.  

Table A15: Peak Load vs. 50th Highest Load104 

Year Peak Load (kW) 50th Highest Load (kW) Difference (kW) Difference (%) 

2018           4,402,558                        4,134,579              267,979  6.1% 

2019           4,590,004                        4,242,239              347,765  7.6% 

2020           4,425,378                        4,091,500              333,878  7.5% 

2021           4,552,215                        4,284,406              267,809  5.9% 

2022           4,519,281                        4,294,673              224,608  5.0% 

 

  

 
104 MIPUG/MH I-112c Attachment. 2023/24 & 2024/25 General Rate Application. June 19, 2023. 
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When this top-50-hour averaging is extended across multiple years, the smoothing effect is compounded. 

In Manitoba Hydro’s 2014/15 Load Research Report, the top 50 hourly demand values were averaged 

across eight years, producing a composite load shape that further reduced variability. To illustrate the effect 

using the timeframe of the current methodology, the average of the top 50 hourly loads across the 2018–

2022 period was 4,307,783 kW, compared to the highest observed peak of 4,590,004 kW in 2019 - a 

difference of 282,221 kW, or 6.1%.105 

Figure A13 illustrates this effect visually, showing the top 50 hourly peak values for each year from 2018 

to 2022. The graph highlights how peak values vary across years and how both multi-year averaging and 

multiple top hour averaging can dilute the peak value. 

Figure A13: Top 50 Peak Values (MW) 2018-2022106 

 

 

 
105 Calculated from data in MIPUG/MH I-112c Attachment. 2023/24 & 2024/25 General Rate Application. June 19, 2023. 
106 MIPUG/MH I-112c Attachment. 2023/24 & 2024/25 General Rate Application. June 19, 2023. 
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This conceptual structure, averaging across the top 50 hours and then across years, is useful for 

understanding the statistical effects on peak demand metrics. However, it does not reflect the methodology 

used in Manitoba Hydro’s 2022/23 Load Research Report, which employs a Rank and Average approach 

applied to stratified hourly data across seasonal blocks and day types. That methodology is discussed in 

detail in Section 3.1.2. 

3.1.2 Temporal Distribution Effects of Rank and Average Method 

Manitoba Hydro’s 2022/23 Load Research Report introduces a different approach to load shape construction 

through the Rank and Average method, which applies statistical averaging in a structured and stratified 

way. Unlike the 2014/15 methodology, which averaged the top 50 hourly demand values across eight years, 

the 2022/23 approach does not isolate the top 50 hours directly. Instead, it builds load shapes by ranking 

and averaging hourly demand values within defined seasonal and day-type segments. 

For each hour of the day (e.g., 0:00, 1:00, ..., 23:00), within each seasonal block and day type (weekday 

or weekend), hourly kW values are collected across relevant days in each year. These values are ranked 

from highest to lowest within each year, and then averaged across the same rank position over five years. 

This produces a smoothed hourly load shape for each hour, block, and day type. While this method retains 

the general shape of peaks, it introduces temporal misalignment, as the same hour may not consistently 

represent peak conditions across years. 
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Figure A14 illustrates this effect by showing the distribution of peak day hours during winter months. 

Rather than being concentrated at a single time, peak demand occurs across a select range of hours, 

highlighting the variability in when peaks occur. This variability means that even high-demand hours in one 

year may not be consistently represented in the averaged dataset. 

Figure A14: Peak Day Hours - Winter Months107 

 

  

 
107 Figure 3.1. Appendix 4.2. 
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Figure A15 shows how frequently specific hours appear in the top 50 across the 2018–2022 period. Some 

hours are regularly included, while others - despite high demand in individual years - appear less frequently. 

This uneven representation affects the composition of the final load shape and may dilute the visibility of 

certain peak periods. 

Figure A15: Number of Times Values Appear in Top 50 (2018-2022 Period)108 

 

  

 
108 MIPUG/MH I-112c Attachment. 2023/24 & 2024/25 General Rate Application. June 19, 2023. 
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Figure A16 presents the number of times each hour appears in the top 10 demand values across the 

2018–2022 period. Compared to the broader distribution seen in the top 50 (Figure A13), the top 10 

hours show a narrower concentration, primarily between 8:00 AM - 10:00 AM and 5:00 PM - 9:00 PM. 

While this band is more focused, the peak values will still be diluted if the top load hour or hours from one 

year are matched with hours from another year that are not at peak, to create the average. All signal 

contained in the highest individual hours are lost. 

Figure A16: Number of Times Values Appear in Top 10 (2018-2022 Period)109 

 

This spread suggests that even among the highest-demand hours, there is variability in timing across years. 

The persistence of this variability - even in the top 10 - reinforces the impact of averaging and temporal 

misalignment, which can obscure the most critical peak periods in load shape analysis. 

3.1.3 Use of Actual Weather 

The 2022/23 and 2014/15 Load Research methodologies rely on metered data collected under actual 

historical weather conditions. This introduces several statistical considerations that influence the 

interpretation of peak demand estimates. 

One key consideration is the representation of extreme weather events, such as prolonged cold snaps or 

rapid temperature drops. These events can drive system-level peaks, but because they occur infrequently, 

they may be underrepresented or entirely absent in historical datasets. They also can be muted through 

averaging. This introduces a sampling limitation, where the dataset may not fully capture the tail-end 

conditions that inform system design and capacity planning. As a result, peak demand estimates based on 

 
109 MIPUG/MH I-112c Attachment. 2023/24 & 2024/25 General Rate Application. June 19, 2023. 
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actual weather data may reflect typical conditions rather than the extreme scenarios that drive capacity 

investment. 

This is particularly relevant for peak demand metrics. Manitoba Hydro’s capacity planning criterion includes 

a 12% reserve margin above the forecast winter peak demand to ensure sufficient system capacity during 

periods of extreme cold (as well as equipment outage, including at peak times).110 If the historical dataset 

does not include representative extreme events, the resulting peak demand metrics may understate the 

conditions that drive system investment. 

The use of actual weather also contributes to temporal misalignment (discussed in Section 3.1.2). Because 

peak-driving weather events may occur at different times across years, the hours of highest demand may 

shift from year to year. When hourly values are averaged or ranked across years, this variability can result 

in misalignment between actual peak hours and those represented in the final load shape. 

Interannual variability, discussed in Section 3.1.1, further compounds these effects. Differences in 

weather patterns from year to year affect both the magnitude and timing of peak demand. When multi-

year averaging is applied, this variability is smoothed out, which helps stabilize long-term estimates but 

may dilute the influence of short-duration, high-impact events. 

3.2 IMPLICATIONS FOR PEAK DEMAND METRICS 

Manitoba Hydro’s 2022/23 Load Research methodology introduces three key methodological features that 

shape the interpretation of peak demand metrics: smoothing of peak magnitude, temporal misalignment, 

and underrepresentation of extreme weather. Each of these affects Coincident Peak Demand (CPD), Non-

Coincident Peak Demand (NCPD), and Overall Coincidence Factor (OCF) in distinct ways. 

The smoothing of peak magnitude arises from averaging the top 50 system peak hours across five years 

and applying the Rank and Average method to construct hourly load shapes. This process flattens sharp 

peaks and dampens short-duration, high-impact events. For CPD, this means that the contribution of rate 

classes during actual system stress conditions may be understated, particularly for those with concentrated 

demand during extreme events. NCPD is also affected, as the maximum observed demand for a class may 

be diluted through averaging, especially for classes with volatile or operationally driven peaks. For OCF, 

smoothing reduces the contrast between on-peak and off-peak periods, potentially lowering the calculated 

share of demand that occurs during peak hours. 

Temporal misalignment further compounds these effects. Because the Rank and Average method does not 

anchor load shapes to actual system peak hours, class-level demand may be averaged across hours that 

 
110 Page 31, Footnote 9. Tab 4 – Energy Demand & Supply Assumptions. 



Pre-Filed Testimony of P. Bowman and J. Dyck  September 17, 2025 

Appendix A: Hydro’s Revised Load Research Methodology Page 81 

do not correspond to true peak conditions. This misalignment is particularly impactful for CPD, where the 

timing of class demand must align precisely with the system peak to accurately reflect contribution. In the 

case of NCPD, temporal misalignment introduces an averaging effect that can obscure the true hour of 

maximum demand, reducing the precision of the metric. For OCF, misalignment may cause demand to be 

attributed to non-peak hours, diluting the apparent contribution of classes that typically spike during system 

peaks. 

Finally, the underrepresentation of extreme weather, a consequence of relying solely on historical demand 

data that is influenced by real weather conditions, limits the ability of all three metrics to reflect design-day 

conditions. CPD is most affected, as rare but impactful events like deep cold snaps are often the drivers of 

system-wide peaks and capacity planning. If these events are absent from the dataset, CPD may reflect 

typical rather than critical conditions. NCPD is similarly impacted for weather-sensitive classes, whose 

maximum demand may occur during extreme conditions not captured in the five-year sample. OCF values 

may also be lower than expected for classes that contribute significantly during rare weather events, as 

their peak-period behavior is not fully represented. 

In summary, while the methodology provides a stable and statistically valid foundation for load profiling, 

the combined effects of smoothing, temporal misalignment, and weather sampling limitations can dilute 

the visibility of peak contributions. CPD is most sensitive to these effects due to its dependence on system 

peak alignment and weather-driven demand. NCPD is affected through the flattening of class-specific peaks 

and loss of temporal precision. OCF is influenced by both smoothing and misalignment, which reduce its 

ability to capture concentrated peak-period usage. 

3.3 OBSERVED DISCREPANCIES BETWEEN CLASS-LEVEL AND SYSTEM-LEVEL 

METRICS 

The observation that the sum of class-level energy exceeds the Common Bus total energy in both 2022–

23 and 2023–24 represents a departure from historical precedent and introduces a fundamental 

inconsistency in the interpretation of load research metrics. In prior load research reports, including 2005-

06, 2008-09, 2010-11, and 2014-15,111 the sum of class-level energy was consistently lower than the 

system-level total, which aligned with expectations given the inclusion of distribution losses and unmetered 

consumption in the Common Bus. The reversal of this relationship in recent years, as shown in Table A16 

and Table A17, suggests that class-level energy may be overstated relative to the system total.  

 
111 2005-06: Schedule 7.2.1, Appendix 7.1 – 2005/06 Load Forecast Report, 2008/09 GRA 
2008-09: Schedule 7.2.1 (1), Section 7.2 – Electric Load Research Results, 2010/11 & 2011/12 GRA 
2010-11: Schedule 8.2.1 (2), Section 8.2 – Electric Load Research Results, 2012/13 & 2013/14 GRA 
2014-15: Page 3, Appendix 8.4, 2017/18 & 2018/19 GRA 
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Table A16: Load Research Results (2022-23)112 

Category Avg 
Annual 
Metered 

Customers 

Total Energy 
(kWh) 

Avg Energy 
(kWh) 

Coincident 
Peak Load 
(kW) 

Coincident 
Peak Load 
Factor 

Non-
Coincident 
Peak Load 

(kW) 

Non-
Coincident 
Peak Load 

Factor 

Overall 
Coincidence 
Factor 

Street and Sentinel Lighting 52,116 66,694,550 1,280 10,639 71.6% 15,677 48.6% 67.9% 

Residential 519,577 8,101,204,389 15,592 1,836,199 50.4% 1,981,092 46.7% 92.7% 

GS Small Non-Demand 54,225 1,761,695,630 32,489 330,446 60.9% 364,050 55.2% 90.8% 

GS Small Demand 14,312 2,154,816,764 150,560 403,570 61.0% 449,781 54.7% 89.7% 

GS Medium 2,178 3,095,085,421 1,421,068 499,507 70.7% 549,157 63.5% 91.0% 

GS Large 750V–30kV 371 1,763,606,397 4,753,656 232,579 86.6% 271,297 74.2% 85.7% 

GS Large 30–100kV Curtailable 1 198,167,968 198,167,968 23,051 98.1% 24,322 93.0% 94.8% 

GS Large 30–100kV 45 1,901,846,155 42,263,248 225,865 96.1% 259,255 83.7% 87.1% 

GS Large >100kV Curtailable 2 1,761,382,711 880,691,355 201,385 99.8% 245,335 82.0% 82.1% 

GS Large >100kV 21 3,681,831,886 175,325,328 442,822 94.9% 506,632 83.0% 87.4% 

Common Bus  
(including distribution 
losses) 

 

23,841,034,756 

 

4,337,714 62.7% 

   

Sum of Classes  
(excluding distribution 
losses) 

 

24,486,331,871 

 

4,206,063 66.5% 

   

 

Table A17: Load Research Results (2023-24)113 

Category Avg 
Annual 
Metered 
Customers 

Total Energy 
(kWh) 

Avg Energy 
(kWh) 

Coincident 
Peak Load 
(kW) 

Coincident 
Peak Load 
Factor 

Non-
Coincident 
Peak Load 
(kW) 

Non-
Coincident 
Peak Load 
Factor 

Overall 
Coincidence 
Factor 

Street and Sentinel Lighting 1,294 66,177,843 51,142 8,812 85.7% 15,433 48.9% 57.1% 

Residential 525,608 7,708,156,105 14,665 1,770,072 49.7% 1,904,809 46.2% 92.9% 

GS Small Non-Demand 58,353 1,670,396,481 28,626 315,152 60.5% 346,033 55.1% 91.1% 

GS Small Demand 10,880 2,178,356,624 200,217 404,144 61.5% 454,673 54.7% 88.9% 

GS Medium 2,193 3,077,024,738 1,403,112 495,836 70.8% 547,515 64.2% 90.6% 

GS Large 750V–30kV 347 1,805,628,936 5,203,542 238,809 86.3% 271,527 75.9% 88.0% 

GS Large 30–100kV Curtailable 1 202,680,375 202,680,375 23,314 99.2% 28,947 79.9% 80.5% 

GS Large 30–100kV 47 2,035,084,743 43,899,675 235,065 98.8% 276,240 84.1% 85.1% 

GS Large >100kV Curtailable 2 1,502,941,449 751,457,224 183,654 93.4% 209,976 81.7% 87.5% 

GS Large >100kV 22 3,243,151,611 147,415,982 377,589 98.0% 457,376 80.9% 82.6% 

Common Bus  
(including distribution 

losses) 

 

22,886,424,439 

 

4,307,536 60.7% 

   

Sum of Classes  
(excluding distribution 
losses) 

 

23,489,598,905 

 

4,052,447 66.2% 

   

 

In Table A16, the total energy across all rate classes in 2022-23 is reported as 24.49 TWh, exceeding the 

Common Bus total of 23.84 TWh. Similarly, in Table A17, the 2023-24 class-level total is 23.49 TWh, 

 
112 Page 16, Table 2.1, Appendix 4.2 - Load Research Report 2022/23 
113 Page 16, Table 2.1 COALITION/MH I-143-a-b-Attachment 2 (Revised) 
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compared to a Common Bus total of 22.89 TWh. These discrepancies are accompanied by a second pattern: 

the sum of class-level coincident peak demand is lower than the system coincident peak demand in both 

years. This combination, higher energy and lower peak demand at the class level, has a direct impact on 

the CP LF, NCP LF, and SLF. 

When class-level energy is overstated, both CP LF and NCP LF are affected because their numerators are 

inflated. This leads to higher calculated values for these metrics, which can misrepresent the shape and 

intensity of class-level demand. CP LF may suggest that classes have flatter load profiles than they actually 

do, while NCP LF may understate the degree of peaky-ness in class-level consumption. At the same time, 

the understatement of class-level CPD relative to the Common Bus peak suppresses the numerator in the 

OCF calculation. This results in OCF values that may not accurately reflect the degree to which class-level 

peaks align with system-level peaks. 

The combined effect of overstated energy and understated peak demand distorts all three metrics, making 

it difficult to draw reliable conclusions about class-level load behavior and its contribution to system peaks. 

These inconsistencies raise concerns about the internal coherence of the current methodology and its 

suitability for application in a cost PCOSS at this time. 

It is possible that evolution of the revised Load Research tool can be developed into a reliable input to 

PCOSS, but this is uncertain, as the overall concept and premise for the revised Load Research methodology 

appear to be to gain more representative and typical data, rather than the extreme atypical conditions on 

which peak capacity investment are made. 
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PATRICK BOWMAN 
Principal Consultant 

Bowman Economic Consulting Inc.  
 

 

AREAS OF EXPERIENCE: 

• Utility Regulation and Rates, including Depreciation 

• Project Development and Planning 

• Utility Resource Planning 

EDUCATION: 

• MNRM (Master of Natural Resources Management), University of Manitoba, 1998 

• Bachelor of Arts (Human Development and Outdoor Education), Prescott College (Arizona), 

1994 

PROFESSIONAL EXPERIENCE: 

BOWMAN ECONOMIC CONSULTING INC., WINNIPEG, MANITOBA 

2020 – current – Principal Consultant 

Conduct consulting assignments as Principal Consultant of new economic consulting firm, focused on 

utility regulation. Member, Society of Depreciation Professionals  

Sample Projects: 

For Manitoba Industrial Power Users Group (2020 – present; previous involvement since 1998): Prepare 

analysis and evidence for regulatory proceedings before Manitoba Public Utilities Board representing large 

industrial energy users. Appear before PUB as expert in General Rate Application and revenue requirement 

reviews, the Needs For and Alternatives To (NFAT) resource planning hearing, cost of service, and rate design 

matters. Assist in regulatory analysis of the purchase of local gas distributor (CentraGas) by Manitoba Hydro. 

Assist industrial power users with respect to assessing alternative rate structures, surplus energy rates and 

demand side management initiatives including curtailable rates and load displacement. 

For Industrial Customers of Newfoundland and Labrador Hydro (2020 – present; previous involvement 

since 2001): Prepare analysis and evidence for Newfoundland Hydro GRA and other rate hearings before 

Newfoundland Board of Commissioners of Public Utilities representing large industrial energy users.  

For Industrial Gas Users Association of Manitoba (2020 - present): Support for cost of service and rate 

design matters. Testimony before the Manitoba Public Utilities Board. 

For Northwest Territories Power Corporation (2020-Present; with previous involvement 2000-2020): 

Provide technical analysis and support regarding General Rate Applications and related Public Utilities Board 

filings. Assist in preparation of evidence and providing overall guidance to subject specialists in such topics as 

depreciation and return. Appear before PUB as expert in revenue requirement, cost of service and rate design 

matters, and on system planning reviews (Required Firm Capacity). Support to Government of the Northwest 

Territories on Crown utility governance, rate policy matters, and project development. 

161 Rue Hebert 

Winnipeg, Manitoba 

R2H 0A5  CANADA 
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For the BC Association of Major Power Consumers (2020-Present; with previous since 2014): Support for 

review of BC Hydro Revenue Requirement, Depreciation, Cost of Service, Rate Design, Interruptible Rates, and 

stepped industrial rates. 

For Northwest Territories Energy Corporation (2021-Present, with previous involvement 2003 - 2013): 

Provided analysis and support to joint company/local community working groups in development of business 

case and communication plans related to potential new major hydro and transmission projects. Assist in planning 

stages and contract review for new LNG supply to Inuvik. Assist in Board of Director’s review of corporate 

roles for commercial versus regulated activities. 

For Vale Newfoundland (2022-present): Assist in negotiations regarding new industrial contract and 

interruptible power framework. 

For J. D. Irving Ltd. (2022-present); previous involvement 2017-2018): Support in regulatory proceedings 

before the New Brunswick Energy and Utilities Board on matters of Revenue Requirement, customer class and 

rate design, and smart meter implementation. 

For the PEI Federation of Agriculture (2023-present): Support in regulatory review of Maritime Electric 

Rate Design proceeding. 

For the Industrial Group of Nova Scotia Power Inc. (2024-present): Technical support to Cost of Service 

working group and negotiations on methodology. 

For the City of Langford (2024-present): Assistance in development of alternatives for renegotiation of sewer 

services supply agreement. 

For Yukon Energy Corporation (2024-present): Provide analysis regarding net salvage regulatory account 

options. 

For the Office of the Utilities Consumer Advocate of Alberta (2024-present; previous involvement 2016-

2024): Analysis and strategic support of Government agency representing the interests of small utility customers. 

Addressed matters of utility rates and asset depreciation matters, covering electrical transmission, distribution, 

gas transmission, distribution, project development, and regulated utility service providers. 

For the Ontario Energy Board (OEB) (2025): Act as facilitator for distribution rate application for Welland 

Hydro. 

For Nelson Hydro (2020-2025; with previous involvement since 2013): Development and updating of a Cost 

of Service model. Support in regulatory filings before the BC Utilities Commission including Revenue 

Requirement and Generic Cost of Capital. 

For a law firm representing the Government of Alberta (2024): Assistance in calculation of depreciation 

rates for the purposes of property taxation of industrial property. 

For the Manitoba Public Interest Law Centre (2024): Technical support to working group for Brokenhead 

Ojibway Nation in consultation process with Manitoba Hydro regarding new development and licencing of 

existing projects on the Winnipeg River and Lake Winnipeg Regulation. 
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For confidential client (2021-2023): Assist in investigations regarding potential hydrogen development 

opportunities in Canada. 

For Corner Brook Pulp and Paper (2021-2022): Assist in negotiations regarding new industrial contract and 

interruptible power framework. 

INTERGROUP CONSULTANTS LTD., WINNIPEG, MANITOBA 

1998 – 2024 – Research Analyst/Consultant/Principal/Senior Associate 

Utility Regulation 

Conducted research and analysis for regulatory and rate reviews of electric, gas and water utilities in 

eight Canadian provinces and territories and international. Prepared evidence and expert testimony for 

regulatory hearings. Assisted in utility capital and operations planning to assess impact on rates and 

long-term rate stability.  

Sample Projects: 

For the Ontario Energy Board (OEB) (2024): Review regulatory commission policies and practices with 

respect to intervenor participation, including Consumer Advocate options, budgets, etc. 

For the Ontario Energy Board (OEB) staff (2022-2023): Support the OEB staff in the Enbridge Gas 

Distribution 2024 rate re-basing application, focused on matters of utility assets and depreciation. 

For Vancouver Airport Fuel Facilities Corporation (2018-2022): Provide analysis and evidence in support 

of tolls for common carrier jet fuel pipeline, before the BC Utilities Commission. 

For City of Chestermere (2015 - 2022): Analysis of various rate proposal from Chestermere Utilities Inc. to 

the City of Chestermere. 

For a law firm (2021-2022): Provide analysis in support of hydro generation valuation in northwestern Ontario. 

For Taxi Coalition of Manitoba (2021): Support for regulated vehicle insurance rate design, provided by 

Crown insurer. Testimony before the Manitoba Public Utilities Board. 

For Jamaica Public Service (2018-2020): Assist in preparation of regulatory rate filing, including cost of 

service, revenue requirement, and plans to address utility losses and power theft. 

For Government of Ontario (2018): Support to department undertaking and supporting preparation of a 

Modernization Review of the Ontario Energy Board. 

For Yukon Energy Corporation (1998 - 2015): Provide analysis and support of regulatory proceedings and 

normal regulatory filings before the Yukon Utilities Board. Appear before YUB as expert on revenue 

requirement matters, depreciation, net salvage, cost of service, rate design, and resource planning. Prepare 

analysis of major capital projects, financing mechanisms to reduce rate impacts on ratepayers.  

For City of Swift Current (2013 - 2014): Utility system valuation. 

For Municipal Customers of City of Calgary Water Utility (2012 - 2013): Analysis of proposed new 

development charges and reasonableness of water and wastewater rates (City of Chestermere, City of Airdrie, 

Town of Cochrane, and Town of Strathmore). 
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For Yukon Development Corporation (1998 - 2012): Prepare analysis and submission on energy matters to 

Government. Participate in development of options for government rate subsidy programs. Assist with review 

of debt purchase, potential First Nations investment in utility projects, and corporate governance. 

For NorthWest Company Ltd. (2004 - 2006): Review rate and rider applications by Nunavut Power 

Corporation (Qulliq Energy), provide analysis and submission to rate reviews before the Utility Rates Review 

Council. 

Project Development, Socio-Economic Impact Assessment and Mitigation 

Provide support in project development, local investment opportunities or socio-economic impact 

mitigation programs for energy projects, including northern Manitoba, Yukon, and NWT. Support to local 

communities in resolution of outstanding compensation claims related to hydro projects. 

Sample Projects: 

For Government of Canada – Justice (2022-2023): Provide opinion evidence for proceeding before the 

Specific Claims Tribunal regarding transmission line valuation for 1950s transmission line crossing reserve land. 

For the Government of the NWT (2021-2023): Assist in developing rate strategies and operational costing for 

major new generation and transmission facilities in NWT. 

For Kivalliq Hydro-Fibre Link (2020-2022): Review and provide comment on drafts of business case for new 

transmission and fibre optic link to Nunavut. 

For Hualapai Tribal Utilities (2017-2018): Support Tribal utility association in preparation of feasibility study 

to take over operations of power distribution on tribal lands. 

For Government of NWT (2015-2016): Assist in analysis for hydro system resiliency study in response to 

Snare River drought. 

For New World Dairy (2015-2017): Assist in negotiations regarding Non-Utility Generation and 

interconnection with Newfoundland Hydro 

For Yukon Energy Corporation (2005 - 2015): Participated in preparation of resource plans, including Yukon 

Energy’s 20-Year Resource Plan Submission to the Yukon Utilities Board in 2005 (including providing expert 

testimony before the YUB), advisor on 2010 update. Project Manager for all planning phases of the Mayo B 

hydroelectric project ($120 million project) including environmental assessment and licencing, preliminary 

project design, preparation of materials for Yukon Utilities Board hearing, joint YEC/First Nation working group 

on all technical matters related to project including fisheries, managing planning phase financing and budgets. 

Assistance in preparation of assessment documentation for Whitehorse LNG generation project. 

For Northwest Territories Power Corporation (2005 - 2012): Participate in planning stages of $37 million 

dam replacement project; appear before Mackenzie Valley Land and Water Board (MVLWB) regarding 

environmental licence conditions; participate in contractor negotiations, economic assessments, and ongoing 

joint company/contractor project Management Committee. Provide economic and rate analysis of potential 

major transmission build-out interconnect to southern jurisdictions. Conduct business case analysis regulatory 

review of projects $400,000-$5 million, and major PUB Project Permit reviews of projects >$5 million. 
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For Tolko Manitoba (2014-2015): Assist in negotiations with Manitoba Hydro regarding expansion of steam 

generation capabilities. 

For Kwadacha First Nation and Tsay Keh Dene (2002 - 2004): Support and analysis of potential 

compensation claims related to past and ongoing impacts from major northern BC hydroelectric development. 

Review options related to energy supply, including change in management contract for diesel facilities, potential 

interconnection to BC grid, or development of local hydro. 

For Manitoba Hydro Power Major Projects Planning Department (1999 - 2002): Initial review of socio-

economic impacts of proposed new northern generation stations and transmission. Participate in joint working 

group with client and northern First Nation on project alternatives (such as location of project infrastructure). 

For Manitoba Hydro Mitigation Department (1999 - 2002): Provided analysis and process support to 

implementation of mitigation programs related to past northern generation projects, debris management program. 

Assist in preparation of materials for church-led inquiry into impacts of northern hydro developments. 

For International Joint Commission (1998): Analysis of current floodplain management policies in the Red 

River basin, and assessment of the suitability of alternative floodplain management policies. 

For Nelson River Sturgeon Co-Management Board (1998 and 2005): An assessment of the performance of 

the Management Board over five years of operation and strategic planning for next five years. 

GOVERNMENT OF NORTHWEST TERRITORIES, YELLOWKNIFE, NORTHWEST TERRITORIES 

1996 – 1998 Land Use Policy Analyst 

 

Conducted research into protected area legislation in Canada and potential for application in the NWT. 

Primary focus was on balancing multiple use issues, particularly mining and mineral exploration, with 

principles and goals of protection. 



Utility Proceeding Work Performed Before Client Year Oral Testimony

Yukon Energy Corporation Final 1997 and Interim 1998 Rate 

Application

Analysis and Case Preparation Yukon Utilities Board (YUB) Yukon Energy 1998 No

Manitoba Hydro Curtailable Service Program Application Analysis, Preparation of Intervenor Evidence and 

Case Preparation

Manitoba Public Utilities Board 

(MPUB)

Manitoba Industrial Power Users 

Group (MIPUG)

1998 No

Yukon Energy Final 1998 Rates Application Analysis and Case Preparation YUB Yukon Energy 1999 No

Westcoast Energy Sale of Shares of Centra Gas Manitoba, 

Inc. to Manitoba Hydro

Analysis and Case Preparation MPUB MIPUG 1999 No

Manitoba Hydro Surplus Energy Program and Limited Use 

Billing Demand Program

Analysis and Case Preparation MPUB MIPUG 2000 No

West Kootenay Power Certificate of Public Convenience and 

Necessity - Kootenay 230 kV 

Transmission System Development

Analysis of Alternative Ownership Options and 

Impact on Revenue Requirement and Rates

British Columbia Utilities 

Commission (BCUC)

Columbia Power 

Corporation/Columbia Basin Trust

2000 No

Northwest Territories Power 

Corporation (NTPC)

Interim Refundable Rate Application Analysis and Case Preparation Northwest Territories Public 

Utilities Board (NWTPUB)

Northwest Territories Power 

Corporation (NTPC)

2001 No

NTPC 2001/03 Phase I General Rate 

Application

Analysis and Case Preparation NWTPUB NTPC 2000 - 2002 No - Negotiated 

Settlement

Newfoundland Hydro 2002 General Rate Application Analysis, Preparation of Intervenor Evidence and 

Case Preparation

Board of Commissioners of 

Public Utilities of Newfoundland 

and Labrador (NLPUB)

Newfoundland Industrial Customers 2001 - 2002 No

NTPC 2001/02 Phase II General Rate 

Application

Analysis, Preparation of Company Evidence and 

Expert Testimony

NWTPUB NTPC 2002 Yes

Manitoba Hydro/Centra Gas Integration Hearing Analysis and Case Preparation MPUB MIPUG 2002 No

Manitoba Hydro 2002 Status Update Application/GRA Analysis, Preparation of Intervenor Evidence and 

Expert Testimony

MPUB MIPUG 2002 Yes

Yukon Energy Application to Reduce Rider J Analysis and Case Preparation YUB Yukon Energy 2002 - 2003 No

Yukon Energy Application to Revise Rider F Fuel 

Adjustment

Analysis and Case Preparation YUB Yukon Energy 2002 - 2003 No

Newfoundland Hydro 2004 General Rate Application Analysis, Preparation of Intervenor Evidence and 

Expert Testimony

NLPUB Newfoundland Industrial Customers 2003 Yes

Manitoba Hydro 2004 General Rate Application Analysis, Preparation of Intervenor Evidence and 

Expert Testimony

MPUB MIPUG 2004 Yes

NTPC Required Firm Capacity/System Planning 

hearing

Analysis, Preparation of Company Evidence and 

Expert Testimony

NWTPUB NTPC 2004 Yes

Nunavut Power (Qulliq Energy) 2004 General Rate Application Analysis, Preparation of Intervenor Submission Nunavut Utility Rate Review 

Commission (URRC)

NorthWest Company (commercial 

customer intervenor)

2004 No

Qulliq Energy Capital Stabilization Fund Application Analysis, Preparation of Intervenor Submission URRC NorthWest Company 2005 No

Yukon Energy 2005 Required Revenues and Related 

Matters Application

Analysis, Preparation of Company Evidence and 

Expert Testimony on all areas of Revenue 

Requirement, including Depreciation

YUB Yukon Energy 2005 Yes

Manitoba Hydro Cost of Service Methodology Analysis, Preparation of Intervenor Evidence and 

Expert Testimony

MPUB MIPUG 2006 Yes

Yukon Energy 2006-2025 Resource Plan Review Analysis, Preparation of Company Evidence and 

Expert Testimony

YUB Yukon Energy 2006 Yes

Newfoundland Hydro 2006 General Rate Application Analysis, Preparation of Intervenor Evidence NLPUB Newfoundland Industrial Customers 2006 No - Negotiated 

Settlement

NTPC 2006/08 General Rate Application Phase I Analysis, Preparation of Company Evidence & 

Expert Testimony on all areas of Revenue Reqt, 

COS and Rate Design, incl Depreciation

NWTPUB NTPC 2006 - 2008 Yes

Manitoba Hydro 2008 General Rate Application Analysis, Preparation of Company Evidence and 

Expert Testimony

MPUB MIPUG 2008 Yes

Manitoba Hydro 2008 Energy Intensive Industrial Rate 

Application 

Analysis, Preparation of Intervenor Evidence and 

Expert Testimony

MPUB MIPUG 2008 Yes

Yukon Energy 2008/2009 General Rate Application Analysis, Preparation of Company Evidence and 

Expert Testimony

YUB Yukon Energy 2008 - 2009 Yes

FortisBC 2009 Rate Design and Cost of Service Analysis and Case Preparation, Support to Legal 

Counsel

BCUC BC Municipal Electrical Utilities 2009 - 2010 No

Yukon Energy Mayo B Part III Application Analysis, Preparation of Company Evidence YUB Yukon Energy 2010 No
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Yukon Energy 2009 Phase II Rate Application Analysis, Preparation of Company Evidence and 

Expert Testimony

YUB Yukon Energy 2009 - 2010 Yes

Newfoundland Hydro Rate Stabilization Plan (RSP) Finalization 

of Rates for Industrial Customers

Analysis, Preparation of Intervenor Evidence NLPUB Newfoundland Industrial Customers 2010 No

Manitoba Hydro 2010/11 and 2011/12 General Rate 

Application

Analysis, Preparation of Intervenor Evidence and 

Expert Testimony

MPUB MIPUG 2010 - 2011 Yes

NTPC Bluefish Dam Replacement Project Analysis, Preparation of Company Evidence and 

Expert Testimony

Mackenzie Valley Land and 

Water Board

NTPC 2011 Yes

Newfoundland Hydro Depreciation Methodology Analysis, Support of Expert Witness, Advisor to 

Legal Counsel

NLPUB Newfoundland Industrial Customers 2012 No

NTPC 2012/14 General Rate Application Analysis, Preparation of Company Evidence & 

Expert Testimony on all areas of Revenue Reqt, 

COS and Rate Design, incl Depreciation

NWTPUB NTPC 2012 Yes

Manitoba Hydro 2012/13 and 2013/14 General Rate 

Application

Analysis, Preparation of Intervenor Evidence & 

Expert Testimony on all areas of Revenue Reqt, 

COS and Rate Design, incl Depreciation

MPUB MIPUG 2013 Yes

Manitoba Hydro Needs For and Alternatives To 

Investigation

Analysis, Preparation of Intervenor Evidence and 

Expert Testimony

MPUB MIPUG 2014 Yes

Manitoba Hydro 2015/16 General Rate Application Analysis, Preparation of Intervenor Evidence & 

Expert Testimony on all areas of Revenue Reqt, 

COS and Rate Design, incl Depreciation

MPUB MIPUG 2015 Yes

Newfoundland Hydro Amended 2013 General Rate Application Analysis, Preparation of Intervenor Evidence and 

Expert Testimony

NLPUB Newfoundland Industrial Customers 2015 No - merged into 2015 

General Rate 

Application

Newfoundland Hydro 2015 General Rate Application Analysis, Preparation of Intervenor Evidence and 

Expert Testimony

NLPUB Newfoundland Industrial Customers 2015 Yes

Manitoba Hydro 2016 Cost of Service review Analysis, Preparation of Intervenor Evidence and 

Expert Testimony

MPUB MIPUG 2016 Yes

Chestermere Utilities Inc. 2017 Rate Increase Request Analysis, Preparation of Rate Review City of Chestermere City Council City of Chestermere City Council 2016 Presentation to Council

Newfoundland Hydro 2017 General Rate Application Pre-Filed Testimony and Negotiated Settlement, 

including Depreciation

NLPUB Newfoundland Industrial Customers 2017 - 2018 No - Negotiated Settlement

Altalink Management Limited 2017-18 General Tariff Application Analysis, Support of Consumer Advocate during 

Negotiated Settlement Process on Depreciation 

matters

Alberta Utilities Commission 

(AUC)

Alberta Utilities Consumer Advocate 

(UCA)

2016 - 2017 No - Negotiated Settlement

ATCO Pipelines 2017-18 General Rate Application Analysis, Preparation of Intervenor Evidence on 

Depreciation matters

AUC UCA 2016 - 2017 No - Written Process only

Manitoba Hydro 2017/18 and 2018/19 General Rate 

Application

Analysis, Preparation of Intervenor Evidence and 

Expert Testimony

MPUB MIPUG 2017 - 2018 Yes

ATCO Pipelines 2017-18 GRA Review and Vary Analysis and Case Preparation for SCADA 

Depreciation

AUC UCA 2017 - 2018 No

ATCO Pipelines 2019-20 General Rate Application Analysis, Preparation of Intervenor Evidence 

including Depreciation

AUC UCA 2018 No - Written Process only

Altalink Management Limited 2019-21 General Tariff Application Analysis, Support of Consumer Advocate during 

Negotiated Settlement Process on depreciation 

matters, Preparation of Intervenor Evidence and 

Expert Testimony

AUC UCA 2018 Yes

Newfoundland Hydro Cost of Service Methodology Analysis and Case Preparation NLPUB Newfoundland Industrial Customers 2018 No 

ATCO Pipelines Keephills Transmission Facilities 

Assessment

Analysis, Preparation of Intervenor Evidence AUC UCA 2018 - 2019 No - Written Process 

only 

Manitoba Hydro 2019/20 Electric Rate Application Analysis, Preparation of Intervenor Evidence and 

Expert Testimony

MPUB MIPUG 2019 Yes

Chestermere Water, 

Wastewater, Stormwater and 

Solid Waste Utility

2019 Rate Request Analysis, Preparation of Rate Review City of Chestermere City Council City of Chestermere City Council 2019 Presentation to Council

ATCO Electric Distribution Distribution Depreciation Analysis and Case Preparation AUC UCA 2019 No
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Efficiency Manitoba 3 yesar Energy Efficiency Plan Review Analysis, Preparation of Intervenor Evidence MPUB MIPUG 2019 Yes

AltaGas Distribution Depreciation Analysis, Preparation of Intervenor Evidence AUC UCA 2019 No - Written Process 

only 

ATCO Gas Distribution Depreciation Analysis, Preparation of Intervenor Evidence AUC UCA 2019 No - Written Process 

only 

Nalcor Energy, Newfoundland 

and Labrador Hydro

Muskrat Falls Rate Mitigation Hearing Analysis, Preparation of Intervenor Evidence and 

Expert Testimony. Included Depreciation Rate 

Mitigation Options

NLPUB Newfoundland Industrial Customers 2019 Yes

Kinder Morgan Canada (Jet 

Fuel) Inc.

2019 Tariff Filing Application Review pipeline tolling application on revenue 

requirement and depreciation, prepare 

interrogatories and draft issues for evidence

BCUC Vancouver Airport Fuel Facilities 

Corporation (VAFFC)

2019 - 2021 No

BC Hydro Fiscal 2020 to 2021 Revenue 

Requirements Application

Analysis, Preparation of Intervenor Evidence BCUC Association of Major Power 

Consumers of BC (AMPCBC)

2019-2020 Yes

FortisAlberta Town of Fort Macleod RCN-D Valuation 

Application

Analysis, Preparation of Intervenor Evidence on 

Depreciation and Valuation matters

AUC UCA 2019-2020 No - Written Process 

only 

Manitoba Public Insurance 2021 General Rate Application Review insurer evidence, draft IRs and prepare 

evidence on regulatory and rate setting principles

MPUB Taxicab Coalition 2020 Yes

ATCO Gas 2020 Cost of Service and Phase II 

Application

Analysis, Preparation of Intervenor Evidence AUC UCA 2020 No - Written Process 

only 

Chestermere Water, 

Wastewater, Stormwater and 

Solid Waste Utility

2021 Rate Request Analysis, Preparation of Rate Review City of Chestermere City Council City of Chestermere City Council 2020 Presentation to Council

ATCO Pipelines Acquisition of Pioneer Pipeline Review evidence, draft IRs. Evidence AUC UCA 2020 No - Written Process 

only 

ATCO Electric Transmission 2020-2022 GTA Depreciation Expert Analysis and support of intervenor evidence AUC UCA 2020-2021 No - Written Process 

only 

Direct Energy Regulated 

Services (DERS)

2020-2022 DRT and RRT Application Analysis, Support of Consumer Advocate during 

Negotiated Settlement Process

AUC UCA 2021 No - Negotiated 

Settlement

AltaLink Management Ltd. 2022-23 General Tariff Application, and 

Review and Variance Application

Analysis, Support of Consumer Advocate during 

Negotiated Settlement Process, Preparation of 

Intervenor Evidence on Depreciation Matters.

AUC UCA 2021-2022 No - Written Process 

only

Manitoba Hydro 2021 Interim Rate Application, Review 

and Variance Application

Analysis, Support of Intervenor position MPUB MIPUG 2021 No

NTPC 2022/23 General Rate Application, 

Interim Rate Application, and Taltson 

Hydro Major Project Permit Application

Analysis, support preparation of utility filing, 

responses to IRs on matters of revenue 

requirement, rate design and depreciation

NWT PUB NTPC 2022 No

Nelson Hydro Cost of Service and Rate Design 

Proceeding and 2022 Revenue 

Requirements proceeding

Support to Nelson Hydro on preparation of Cost of 

Service model and specified studies

BCUC Nelson Hydro 2020-2022 No

Epcor Distribution and 

Transmission Inc (EDTI)

EDTI Phase II (Cost of Service and Rate 

Design) Distribution Tariff AUC 

proceeding 27018

Analysis, Preparation of Intervenor Evidence AUC UCA 2022 No - Written Process 

only 

Newfoundland Hydro Electrification, Conservation and Demand 

Management 

Analysis, Preparation of Intervenor Evidence NLPUB Newfoundland Industrial Customers 2021-2022 No - Written Process 

only 

Centra Gas Manitoba 2021 Cost of Service Methodology Analysis, Preparation of Intervenor Evidence MPUB Industrial Gas Users of Manitoba 

(IGU)

2021-2022 No - Written Process 

only 

BC Hydro Fiscal 2022 to 2025 Revenue 

Requirements Application

Analysis, Preparation of Intervenor Evidence, 

primarily focused on depreciation

BCUC AMPCBC 2022 Yes

DERS 2023 DRT and RRT Application Analysis, Support of Consumer Advocate during 

Negotiated Settlement Process

AUC UCA 2023 No - Negotiated 

Settlement and written 

process

EDTI 2023-2025 Transmission Facility Owner 

Revenue Requirement

Analysis, Preparation of Intervenor Evidence on 

Depreciation

AUC UCA 2023 No - Negotiated 

Settlement

ENMAX Power Corporation 

(EPC)

2023-2025 Transmission General Tariff 

Application

Analysis, Preparation of Intervenor Evidence on 

Depreciation

AUC UCA 2023 No - Negotiated 

Settlement and written 

process

BC Hydro 2021 Intergrated Resource Plan Analysis, Preparation of Intervenor Evidence BCUC AMPCBC 2023 Yes

Enbridge Gas Inc (EGI) 2024 Rebasing Analysis, Preparation of Intervenor Evidence Ontario Energy Board (OEB) OEB Staff 2023 Yes
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New Brunswick Power Matter 529 - 2022 Rate Design 

Application

Analysis, Preparation of Intervenor Evidence New Brunswick Energy and 

Utilities Board

J. D. Irving 2023 Yes

Manitoba Hydro 2023-24 and 2024-25 GRA Analysis, Preparation of Intervenor Evidence MPUB MIPUG 2023 Yes

Manitoba Hydro SCT 4002-12 Brokenhead Ojibway FN vs 

HMTK

Opinion on Transmission Line Valuation Specific Claims Tribunal Government of Canada 2023 No - Negotiated 

Settlement

NTPC Hay River Franchise Disposition Analysis, support preparation of regulatory 

principles, rate impacts

NWT PUB NTPC 2024 Yes

Nelson Hydro Generic Cost of Capital Review - Stage 2 Support to Nelson Hydro on preparation of utility 

evidence

BCUC Nelson Hydro 2024 No

New Brunswick Power Matter 554 - Class Cost Allocation Study 

Methodology Review

Analysis, Preparation of Intervenor Evidence New Brunswick Energy and 

Utilities Board

J. D. Irving 2024 Yes

Naka Power (NWT) 2025 General Rate Application Analysis, Preparation of Intervenor Evidence NWT PUB NTPC 2025 Yes

NTPC 2024-25 and 2025-26 General Rate 

Application

Analysis, Preparation of Company Evidence and 

Expert Testimony

NWTPUB NTPC 2025 Yes

Centra Gas Manitoba 2025 General Rate Application Analysis, Preparation of Intervenor Evidence MPUB IGU 2025 Yes

Fortis BC 2025 Cost of Service and Revenue 

Rebalancing

Analysis, Support of Intervenor position BCUC BC Municipal Electrical Utilities 2025 No

Nova Scotia Power M11475 Cost of Service Study Analysis, Support of Intervenor position Nova Scotia Energy Board 

(NSEB)

Industrial Group (IG) 2024-ongoing pending

Maritime Electric UE22503 Rate Design Analysis, Preparation of Intervenor Evidence Prince Edward Island Regulatory 

and Appeals Commission (IRAC)

PEI Federation of Agriculture 2024-ongoing pending

Efficiency One M12228 Benefit-Cost Test Analysis, Preparation of Intervenor Evidence NSEB Industrial Group (IG) 2025-ongoing pending

Nova Scotia Power 2025 GRA Analysis, Support of Intervenor position NSEB Industrial Group (IG) 2025-ongoing pending

AltaLink Management Ltd. 2026-27 General Tariff Application Analysis, Support of Consumer Advocate during 

Negotiated Settlement Process, Preparation of 

Intervenor Evidence on Depreciation Matters.

AUC UCA 2025-ongoing pending
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AREAS OF EXPERIENCE: 

• Utility Rate Regulation 

• Socio-Economic Assessments 

• Resource Project Development 

 

EDUCATION: 

• CFA® Program Participant (Completed Level I), CFA Institute, October 2020 

• Master of Arts (Economics), University of Manitoba, September 2017 – October 2018  

• Bachelor of Arts – Honors (Economics), University of Manitoba, September 2012 – June 2017  

 

PROFESSIONAL EXPERIENCE: 

INTERGROUP CONSULTANTS LTD., WINNIPEG, MANITOBA 

October 2021 – Present – Research Consultant 

Utility Regulation 

For Manitoba Industrial Power Users Group (MIPUG) (2022-Present): Supporting MIPUG’s 

intervention in Manitoba Hydro’s 2026–2028 General Rate Application. Previously supported the 

2023/24–2024/25 General Rate Application. Responsibilities include managing project timelines, 

drafting information requests (IRs) related to economics and load forecasting, conducting financial and 

economic analyses, and compiling historical data to support senior consultants. 

For Northwest Territories Power Corporation (NTPC) (2021-Present): Contributed to the 2021–

22 Annual Report of Finances and reconciled capital asset tables. Supported the 2022 General Rate 

Application by preparing revenue requirement calculations, drafting business cases for major capital 

projects, and revising the final cost claim. For the 2024–25 General Rate Application, updated the cost-

of-service model, addressed regulatory directives, prepared issue briefs for hearing preparation, and 

analyzed billing data to assess rate impacts related to NTPC’s franchise acquisition. 

For Industrial Gas Users (IGU) (2024-Present): Provided technical support for IGU’s intervention 

in Centra Gas’s 2025 General Rate Application. Drafted and submitted IRs and assisted in preparing 

independent evidence on balancing fees. 

For Poplar River First Nation (2024-Present): Conducted technical assessments for a community-

based renewable energy project in a remote, grid-connected Indigenous community in northeastern 

Manitoba. Work included evaluating load requirements, optimizing generation and storage systems, and 

analyzing solar and wind energy scenarios, including potential export opportunities to the grid. 

For Ontario Energy Board (2024): Conducted a jurisdictional review of consumer advocacy and 

intervenor cost practices in response to a directive from the Ontario Ministry of Energy. Analyzed cost 
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award policies and tariffs across jurisdictions and summarized findings to inform potential efficiency 

initiatives. 

For Manitoba Hydro (2022-2023): Supported a desktop research initiative focused on strategic 

planning. 

For Nihtat Energy Ltd. (2022-2023): Researched Canada’s regulatory and voluntary carbon markets 

to inform strategic planning and project development. 

For First Nations Energy and Mining Corporation (FNEMC) (2022): Reviewed a British Columbia 

Utilities Commission report and assessed its implications for FNEMC’s operations. 

For Yukon Energy Corporation (2022): Assisted in drafting interrogatories and preparing for 

regulatory hearings related to the Atlin Hydro Expansion Project Energy Purchase Agreement. 

For Saskatchewan Rate Review Panel (SRRP) (2022): Conducted a comprehensive review of 

SaskPower’s 2022 and 2023 Rate Applications. Responsibilities included statistical analysis of economic 

and environmental factors, evaluation of load forecasts, resource planning, and energy efficiency 

programs, and review of forecasted revenue. 

For Qulliq Energy Corporation (QEC) (2021): Supported the development of the 2022–23 General 

Rate Application. 

For Rural Municipality of Woodlands (2021): Assisted in the ratemaking process for water and 

wastewater services, including revenue requirement calculations and utility rate design. 

Socio-Economic Assessments 

For Nuclear Waste Management Organization (NWMO) – Baseline Forecasting (2023-2024): 

Led the review of forecasting methodologies for the social impact baseline. Developed a credible and 

defensible approach to forecasting socio-cultural, economic, and health indicators over the project’s 

extended timeline. 

For Nuclear Waste Management Organization (NWMO) (2023-2024): Contributed to the 

development of baseline reports for the siting of a deep geological repository. Drafted report sections 

using data from Statistics Canada and other sources. 

For Canadian Society of Landscape Architects (CLSA) (2023-2024): Supported a national study 

on the landscape architecture profession’s socio-economic contributions. Conducted a membership 

survey, developed case studies, and analyzed relevant Statistics Canada data. 

For Town of Churchill (2021-2022): Assisted in developing a socio-economic profile to support the 

planning of an assisted living facility. Analyzed social and economic indicators to demonstrate the need 

for expanded supportive housing options.
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Utility Proceeding Work Performed Before Client Year Oral 
Testimony 

Qulliq Energy 
Corporation 
(QEC) 

2022–23 General 
Rate Application 

Supported GRA development Nunavut Utility 
Rate Review 
Commission 
(URRC) 

QEC 2021 No 

Rural 
Municipality of 
Woodlands 

Water/Wastewater 
Rate Design 

Revenue requirement 
calculations, rate design 

Manitoba PUB RM of 
Woodlands 

2021 No 

NTPC 2022 General Rate 
Application 

Revenue requirement 
calculations, capital project 
business cases, final cost claim 
revision 

Northwest 
Territories PUB 

NTPC 2022 No 

Yukon Energy 
Corporation 

Atlin Hydro Expansion 
Project 

Drafted interrogatories, 
prepared for regulatory hearings 

Yukon Utilities 
Board (YUB) 

Yukon Energy 
Corporation 

2022 No 

SaskPower 2022 & 2023 Rate 

Application 

Statistical analysis, 

load/resource planning, energy 
efficiency review 

Saskatchewan 

Rate Review Panel 
(SRRP) 

SRRP 2022 No 

Manitoba 
Hydro 

2023/24 - 2024/25 
General Rate 
Application 

Drafted IRs, conducted 
financial/economic analysis, 
compiled historical data 

Manitoba PUB Manitoba 
Industrial Power 
Users Group 
(MIPUG) 

2022–
2023 

No 

NTPC 2024-25 General Rate 
Application 

Updated cost-of-service model, 
addressed directives, prepared 
issue briefs, analyzed metering 
data to calculate rate impacts 

Northwest 
Territories PUB 

NTPC 2024–
Present 

No 

Centra Gas 2025 General Rate 
Application 

Drafted IRs, assisted in 
preparing independent evidence 
on balancing fees 

Manitoba PUB Industrial Gas 
Users (IGU) 

2024–
Present 

No 

 


